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“Caminante, son tus huellas 

el camino y nada más; 

caminante, no hay camino, 

se hace camino al andar. 

Al andar se hace camino 

y al volver la vista atrás 

se ve la senda que nunca 

se ha de volver a pisar. 

Caminante no hay camino 

sino estelas en la mar…” 

 

Antonio Machado 

from "Proverbios y cantares" in Campos de Castilla, 1912 
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Abstract 

Abundance and complexity of carbonate reservoirs have made them the major subject of studies 

in the past decades. At the same time, most of the oil fields are getting old and primary recovery 

methods are becoming insufficient to maintain oil production. Enhanced Oil Recovery, despite not a 

recent thematic, is gaining more and more attention every day, with search for new or improvement of 

existing EOR techniques. A promising technique is Chemical EOR using surfactants. 

Surfactants are molecules that can greatly reduce the interfacial tension between water and oil, 

thereby altering rock wettability and mobilizing additional oil. The problematic of using surfactants is 

their adsorption on the rock. This issue can be minimized by the aid of surfactant adsorption inhibitors 

like low molecular weight polymers.  

In this investigation, a formulation of a CEPSA anionic surfactant with a carboxylate as a co-

surfactant and a low molecular weight polymer is proposed and its performance was tested in 

coreflooding experiments on carbonate rocks, at pore pressures of 10bar and temperature of 120oC. 

Additionally, a rheological study of a high molecular weight polymer was performed to implement a 

polymer drive solution in one of the coreflooding experiments. 

Additional oil recovery >20% was achieved using the proposed formulation. The surfactant 

adsorption/retention levels varied from 1,51mgsurf/grock to 2,88mgsurf/grock. The polymer drive solution 

increased the water phase viscosity and did not showed injectivity problems in low permeable (18mD) 

plug. 

 

Keywords: cEOR; carbonates; coreflooding; anionic surfactant; polymers, surfactant adsorption. 
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Resumo 

A abundância e a complexidade dos reservatórios de calcário fez deles o objeto de estudo mais 

investigado nas últimas décadas. Ao mesmo tempo, a maior parte dos campos de petróleo estão a 

envelhecer e a recuperação primária vai deixando de ser suficiente para manter a produção de 

hidrocarbonetos. Neste senário, a Recuperação Melhorada de Petróleo, apesar de não ser uma 

temática recente, tem vindo a ganhar mais atenções com cada dia que passa, com a procura de novas 

ou o aperfeiçoamento de já existentes técnicas. Uma das técnicas mais promissoras é a Recuperação 

Melhorada de Petróleo pelo uso de surfactantes. 

Surfactantes são moléculas capazes de reduzir significativamente a tensão interfacial entre água 

e petróleo, conseguindo dessa maneira alterar a molhabilidade da rocha reservatório e mobilizar 

hidrocarbonetos adicionais. O problema do uso de surfactantes é a sua adsorção na rocha reservatório. 

A adsorção de surfactante pode ser minimizada adicionando inibidores de adsorção, como por exemplo 

polímeros de baixo peso molecular.       

Neste estudo, uma formulação de um surfactante aniónico da CEPSA com um carboxilato como 

co-surfactante e um polímero de baixo peso molecular é proposta, e o seu desempenho foi testado em 

experiências de coreflooding sobre calcários, a pressão de 10bar e temperatura de 120oC. Além disso, 

o estudo reológico de um polímero de alto peso molecular foi realizado, de maneira a implementar uma 

solução drive de polímero numa das experiências de coreflooding.  

Com a formulação proposta foi possível aumentar em >20% o petróleo recuperado. Os níveis 

de adsorção/retenção de surfactante variaram entre 1,51mgsurf/grocha e 2,88mgsurf/grocha. A solução drive 

de polímero contribuiu para aumentar a viscosidade da fase aquosa e não apresentou problemas de 

injectividade na rocha de baixa permeabilidade (18mD) em que foi testada.    

 

Palavras-chave: Recuperação Melhorada de Petróleo; calcários, coreflooding; surfactantes; 

polímeros; adsorção de surfactantes. 
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1 

 Introduction 

1.1 Scope of the study 

Sixty percent of the proven hydrocarbon reserves are from carbonate reservoirs. It is well known 

that this type of rocks have complex structures, making it difficult to access their characteristics and 

properties, which leads to low recovery factors. In fact, carbonate reservoirs report primary recovery of 

approximately 30%, which means that 70% of the recoverable oil is left unproduced. To access the 

remaining volume of oil, more sophisticated methods had to be developed, lately denominated 

Enhanced Oil Recovery (EOR).  

The typical recovery plan of an oil field is initiated with normal (or primary) recovery. This consists 

of the production of the field using the natural pressure gradient existent between the reservoir and the 

surface. In other words, the hydrocarbons flow naturally because the pressure of the reservoir is greater 

than the pressure at the surface. The natural pressure gradient can ensure the production for a couple 

of years, but inevitably comes to an end because the amount of oil produced drastically decreases with 

time. At this point, the secondary recovery plan is activated, and it consists of the injection of water 

(usually formation water or sea water) to maintain the reservoir pressure and displace the remaining oil 

throughout the production wells. The existing oil fields have now been producing for decades, so 

primary recovery has been abandoned lately and is being replaced by water flooding. The efficiency of 

water flood is highly dependent on the characteristics of the reservoir. Reservoir permeability will dictate 

the facility of fluids in flowing within the reservoir, however wettability is the most important property in 

what comes to determinate which will be the mobile fluid in the two-phase system, therefore a key 

parameter on the efficiency of the overall recovery. Wettability defines which is the fluid that has 

preferential affinity to the rock. Normally three phases, formation water, oil and gas, are present in the 

reservoirs. The gas phase is not of much interest while there is still oil to produce, moreover gas is a 

non-wetting fluid. Hence, reservoir rocks can be classified as oil-wet if the fluid preferentially in contact 

with the rock is oil or water-wet if the fluid preferentially in contact with the rock is water. There are 

cases where the rocks do not reveal special preference for neither one of the fluids, and this state is 

termed as neutral-wet or intermediate-wet condition.  

As consequence of the wettability regime, one of the fluids – the non-wetting fluid – will flow easily 

throughout the reservoir and the other – the wetting fluid – will tend to coat the rock. Becomes evident 

that oil-wet conditions are extremely unfavorable to hydrocarbons recovery because the hydrocarbon 

phase adhere to the rock surface and the injected water is not capable of displacing it. Water-wet and 

intermediate-wet conditions, on the other hand, are much more favorable to recovery. In these cases, 

the hydrocarbons are free from any bounding to the rock surface and can be efficiently displaced and 

produced during water flood.   

The initial wetting regime of a reservoir rock depends entirely on the nature of the petroleum 

system, specifically on the acidity of the generated hydrocarbons and the type of reservoir rock. 

Carbonates are composed mainly of calcite minerals which are crystalline structures of CaCO3 (calcium 



 

 

2 

carbonate) molecules. At the pH of the subsurface, the carbonate matrix is positively charged. 

Hydrocarbons on the other hand, especially their heavier components, have in their composition 

negatively charged carboxylic groups (COO-). During the hydrocarbons migration and accumulation, 

the negatively charged carboxylic groups encounter the positively charged rock surface and the 

attraction between opposite charges bonds the molecules through electrostatic interactions (also knows 

as Van Del Waals forces). Thus, the first layer of hydrocarbons in contact with the rock surface adhere 

to it and is no longer mobile, rather a static film within the hydrocarbon fluid phase.  

Because of the chemical composition of carbonate rocks, which normally confers them positive 

surfaces, carbonates are always pointed as oil-wet in their initial state before production. In such 

reservoirs, water flooding alone is not sufficient. The key to efficiently produce them is believed to be a 

reversal in the initial wetting conditions of the rock from oil-wet to more water-wet. To address this issue 

a new class of methods started to be investigated, pondering the addition of chemicals to the injected 

water that could release the hydrocarbons from the interaction that keeps them bonded to the rock. 

These methods are called cEOR (chemical Enhanced Oil Recovery) and are designed to be 

implemented after the conventional water flooding, when the secondary recovery method resulted 

inefficient. The main objective, as stated before, is to alter the initial wettability state of the reservoir 

rock by the means of the addition of chemical compounds dissolved in the injection water. 

An additional factor contributing to the non-efficiency of water flooding in oil-wet reservoirs is the 

fact that water and oil are two immiscible fluids. The incompatibility between them is traduced by the 

tension verified at the interface between the two fluids, known as interfacial tension (IFT). In oil-wet 

reservoirs, the oil phase is preferentially within the smaller pores and the high IFT stops the water from 

entering the smaller pores, leaving great amount of oil trapped. cEOR methods have been focusing on 

finding chemicals capable of reducing the IFT between water and oil, thereby making possible the 

displacement of oil from smaller pores. 

The most suitable chemicals for this purpose, well known and documented from detergency and 

cleansing applications, are surfactants. Surfactants are very special organic molecules because they 

possess one group that has affinity with water (hydrophilic head) and another group that is incompatible 

with water (hydrophobic tail), but on behalf of that is compatible with non-polar solvents like 

hydrocarbons. When added to mixtures of immiscible fluids like water-oil mixtures, surfactants are able 

to migrate to the water-oil interface and orientate their hydrophilic group to the polar solvent (the water) 

and their hydrophobic group to the non-polar solvent (the oil). The newly formed layer of surfactants at 

the interface between the immiscible fluids is more stable than the previous polar/non-polar interactions, 

therefore the interfacial tension between the fluids is decreased. Applied to cEOR, surfactants could 

reduce the IFT between water and oil and allow the water invasion in smaller rock pores. Moreover, IFT 

reduction can also contribute to wettability reversal since greater surface for the water to act will be 

available after the invasion of smaller pores, which ultimately can lead to increase of the recovery 

efficiency. 

Surfactants are classified in three big families, namely ionic surfactants (anionic or cationic), non-

ionic surfactants and amphoteric surfactants. In practical cleansing applications are always used 

mixtures of more than one type of surfactant, and the decision of which types are the most adequate is 
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carefully studied depending of the desired properties. In oil and gas applications, innumerous 

surfactants have been investigated and tested. The most common problems reported are the adsorption 

of surfactant to the rock, the retention of surfactant in the crude oil and the solubility difficulties some 

surfactants present face hard formation waters. The adsorption of surfactant on the rock is problematic 

because as it is adsorbed, the advancing surfactant solution is diluted and that affects its potential to 

recover additional hydrocarbons. Retention is undesired since is complex to further break the crude-

surfactant emulsion and separate the components. Moreover, additional surfactant has to be injected 

to compensate the adsorption/retention issues, which can significantly increase the cost of the 

operation, and in the worst case scenario, make it unfeasible for some projects. Insoluble surfactants 

are problematic because of the evident injectivity and plugging problems they can cause, specially in 

low permeable reservoirs. Surfactant solubility problems can be overcome designing soluble mixtures 

of surfactants. Regarding the much more complex adsorption issue, some authors defend that can be 

minimized adding low molecular weight polymers. 

The work developed in this thesis was carried out during an internship at the Exploration and 

Production department (E&P) in the Research Center of the Spanish Petroleum Company CEPSA, 

whom current efforts are focused in chemical Enhanced Oil Recovery (cEOR) technics on various 

reservoir conditions. 

1.2 Objective of the study 

In this study, a formulation of a CEPSA anionic surfactant with a carboxylate as a co-surfactant 

and a low molecular weight polymer is proposed and its performance is tested in coreflooding 

experiments on carbonate rocks, at pore pressures of 10bar and temperatures of 120oC. Additionally, 

a high molecular weight polymer is tested as polymer drive solution. The main objectives are: 

• Evaluate the oil recovery (>20% as a criteria) 

• Evaluate the oil breakthrough 

• Evaluate adsorption/retention level 

• Evaluate polymer drive injectivity and effectiveness 

1.3 Structure of the study  

The study is organized in five chapters. The current chapter formulates the problem under 

investigation and defines the final objectives. Chapter 2 gives the fundamental theoretical background 

important to the proper understanding of the work and summarizes the most relevant works of other 

authors related to the topic investigated in this study. Chapter 3 describes the material and methods 

used. Chapter 4 exposes the results and discussion regarding the polymer drive study and the 

coreflooding experiments. Chapter 5 concludes the study formulating the most relevant conclusions, as 

well as suggestions of further pertinent investigations. 
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 Literature Review 

2.1 Wettability 

Wettability is a property that characterizes reservoir rocks and describes the preference of the 

rock surface to be in contact with one fluid rather than another [1]. Rocks gain preference for one 

specific fluid when their chemical composition encounters affinity with the chemical composition of the 

fluid, creating interactions from a variety of types, which ultimately cause the fluid to adhere to (or wet) 

the rock surface. In petroleum reservoirs containing water, oil and gas, only water and oil are considered 

wetting fluids [2], and the presence of the two immiscible fluids at the surface of the rock originate the 

situations illustrated in Figure 2.1. The illustration in the right represents a water-wet situation, where 

an oil droplet (in green) bead up at its maximum to minimize the contact with the rock in a surface 

surrounded by the wetting phase. The illustration in the left represents the oil-wet situation, where the 

oil droplet spreads completely to maximize its contact with the rock surface. The illustration in the center 

represents the intermediate situation (intermediate-wet), where the rock does not show preference for 

neither one of the fluids and both wet the surface in equal proportions.   

Wettability can be determined measuring the contact angle (𝜃) between the rock surface and the 

interface water/oil. Common sense is to associate 𝜃 < 90o with water-wet and 𝜃 > 90o with oil-wet 

regimes [3], however Anderson (1986), quoted by Alotaibi et. al. (2010) [4], classified precisely contact 

angles of 0 − 75o to belong to water-wet conditions, contact angles of 75 − 115o to belong to 

intermediate-wet conditions and contact angles of 115 − 180o to belong to oil-wet conditions. Also, 

introduced the terms weakly water-wet and weakly oil-wet, represented by 𝜃 between 55 − 75o and 

between 115 − 135o, respectively.  

 

Figure 2.1: Wettability regimes of reservoir rocks. (left) water-wet, (center) intermediate and (right) oil-wet. Contact 

angle 𝜃 governed by equilibrium among interfacial tension between surface/oil, 𝛾𝑠𝑜, interfacial tension between 

surface/water, 𝛾𝑠𝑤 and interfacial tension between oil/water, 𝛾𝑜𝑤. Adapted from [1]. 

The contact angle is governed by force balance among the interfacial tensions (𝛾) between each 

phase and can be measured experimentally through a technique called Drop Shape Analysis. Contact 

angle measurements were not conduced in this study, therefore for more information regarding this 

method the reader is referred to Abdallah et. al. (2007) [1].   

The wettability condition influences the oil recovery of the reservoirs. In water-wet reservoirs, the 

water phase is adhered to the rock surface and the pressure the water exercise keeps the oil out of 

small pores, forcing it to remain in the center of the large pores. This position is unfavorable in term of 
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production because the oil is easily disconnected from the continuous mass of oil, and trapped [1] 

(Figure 2.2). Oil-wet conditions, on the other hand, are even more unfavorable for production. When 

water is injected through an oil-wet reservoir, it has to flow “rejected” by the rock surface, so builds its 

way as quickly as possible through the center of the biggest pores, bypassing most of the oil. Moreover, 

flowing in such unstable manner is likely to cause fingering [5]. For that reason, intermediate conditions, 

in which the rock surface has not preference for water nor for oil, seem to be the most favorable 

production conditions. 

Water-Wet 

 

Oil-Wet 

 

Figure 2.2: Illustration of injected water behavior in (left) water-wet and (right) oil-wet conditions. Adapted from [5]. 

2.1.1 Wettability in carbonates  

The mechanism that favors the oil wetting in carbonate reservoirs was well described by Buckley 

et. al. (1998) [6]. It takes place after the oil migration and the authors consider that one of the key 

parameter is the mineral composition of the rock surface. Carbonates are mainly composed of calcite 

minerals, and despite the presence of other minerals that enhance the complexity of these rocks, their 

surface tends to be positive under pH of approximately 9,5 [6]. Prior the oil migration, an electrical 

double layer exists between rock surface and formation water, once the positive carbonate surface is 

balanced by accumulation of negative ionic species at the water layer in contact with the rock. In such 

an electrical double layer, the water layer in contact with the rock becomes a static water film, while the 

subsequent water layers continue constantly exchanging ions. The migration of crude oil into the 

reservoir confines the formation water between two interfaces, the interface water/rock and the interface 

water/oil. Polar compounds from crude oil accumulate at the interface water/oil, where acid/base 

dissociations take place, with organic compounds from oil phase losing hydrogen atoms to the water 

phase, whom on the other hand, are gained by the water ions. The extent of acid/base dissociation 

depends on pH, but in any case, decreases the free anions in solution, weakening the water film in the 

rock surface. At a certain point, the collapse of the water film is unavoidable, and a path for crude oil 

towards the rock surface is open. 

This is only the first step to wettability alteration. At this stage, another key parameter, the 

composition of the crude oil, and specifically its heavy resins and asphaltenes, are dominant. These 
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components contain many polar molecular sites, and if the oil is a bad solvent for its own polar groups, 

they are prone to precipitation on the rock surface (Figure 2.3). The study Buckley et. al. (1998) [6] 

conduced, measuring contact angles in glass surfaces treated with crude oils of different solvent 

capacity, showed that the oils with poorer solvent capacity had more potential to alter the wettability to 

oil-wet conditions.   

 

Figure 2.3: A) Polar sites of typical crude oil components that are prone to precipitation when crude oil is a poor 

solvent for its own compounds. (B) precipitation illustration depending on the crude oil solvent strength. Adapted 

from [6]. 

Despite the solvent capacity, which may or not help the wetting potential of the oil phase, crude 

oil starts adhering to the rock surface through its newly originated negative sites (the molecular groups 

that lost hydrogen atoms to the water phase), so in fact, the pre-existing formation water indirectly helps 

the crude oil adsorption on the rock. 

Synthetizing, the entire mechanisms is a result of the combination of a variety of processes, and 

each process depend of the specific composition of rock, brine and oil. Moreover, fluids saturation in 

the reservoir vary with thickness, with oil saturation decreasing gradually as travelling downwards 

towards the WOC, which causes variation of the wettability conditions between the different reservoir 

layers [3]. Thus, a given wettability condition does not necessarily apply to the entire reservoir, but is 

rather a regional classification. 

2.2 Relative Permeability 

Understanding fluid flow in porous media is of crucial importance for better comprehension of 

laboratory experiments, and in further upscaling for prediction of reservoir behavior. The fluid flow is 

evaluated through permeability, which theoretically is assumed to be a constant property of the rock, 

irrespective of the flowing fluids nature. That assumption might be valid if the porous media is 100% 

saturated with a single fluid [7]. In petroleum reservoirs, however, such situation is rarely met because 

at least two fluids are always present. For that reason, the effective permeability of fluids, which 

measures the ability of a fluid to flow in presence of other fluids, e.g. when the fluid saturation is less 

than 100%, is more representative [8]. 

When a fluid is to be displaced by another fluid, like oil displacement with water in waterflooding, 

the flow properties of the fluids relative to each other must be employed. That is possible through a 

concept called relative permeability, 𝑘𝑟, which is defined as: 
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𝑘𝑟 =
𝑘𝑒

𝑘𝑎𝑏𝑠
                                                             Equation 2.1 

where 𝑘𝑒 is the fluid effective permeability and 𝑘𝑎𝑏𝑠 is an absolute permeability [7]. Specifically, the oil 

and water relative permeability’s (𝑘𝑟𝑜 and 𝑘𝑟𝑤 respectively) can be defined as: 

𝑘𝑟𝑜 =
𝑘𝑒𝑜

𝑘𝑎𝑏𝑠
                                                          Equation 2.2 

𝑘𝑟𝑤 =
𝑘𝑒𝑤

𝑘𝑎𝑏𝑠
                                                          Equation 2.3 

where 𝑘𝑒𝑜 and 𝑘𝑒𝑤 are effective oil and effective water permeability, respectively. Relative permeability’s 

are not actually measured in real reservoirs, but rather experimentally determined in core samples form 

the target reservoir. Experimentally, the absolute permeability is usually the permeability of the core 

sample at the beginning of the experiment, prior the saturation with crude oil and at the reservoir 

temperature. However, if consistently employed, the choice of the absolute permeability is not critical. 

The effective permeability of each fluid is determined when the core sample is assumed to be 100% 

saturated with the fluid, again at the reservoir temperature. 

2.2.1 Relative permeability vs. fluids saturation 

Relative permeability’s are saturation dependent, e.g. depend on the distribution of the fluids 

within the reservoir, which in turn depends of the wettability of the rock, the saturation history and the 

capillary pressure [5]. The graphical representation of the relative oil and water permeability’s in function 

of the water saturation is very common, since from such representations, several important properties 

of the core sample can be determined. An example of typical oil-water relative permeability curves in 

function of water saturation is shown in Figure 2.4. 

 

Figure 2.4: Oil and water relative permeability curves in function of water saturation. Adapted from [7]. 

Relative permeability’s range from 0 to 1, but in fact are always smaller, since 1 represent the 

fluid effective permeability, and in real cases a fluid is never alone in a core sample. Considering Figure 

2.4, 𝑆𝑤𝑐 and 𝑆𝑜𝑟 are connate (or irreducible) water saturation and residual oil saturation, respectively. 



 

 

8 

Below the irreducible water saturation, water does not flow, thus the relative water permeability below 

that point becomes zero. Similarly, the oil does not flow above the residual oil saturation, corresponding 

to water saturation of 1 − 𝑆𝑜𝑟, and consequently the oil relative permeability above that point in the 

graph becomes zero. Despite the sections of the plot below 𝑆𝑤 = 𝑆𝑤𝑐  and above 𝑆𝑤 = 1 − 𝑆𝑜𝑟 could be 

determined in certain laboratory conditions, here are represented as dashed lines since they will never 

be encountered in real reservoirs because the practical range of water saturations is 𝑆𝑤𝑐 < 𝑆𝑤 < 1 −

𝑆𝑜𝑟 [7]. 

2.2.2 Experimental methods to measure relative permeability  

There are three experimental methods to determine relative oil and water permeability curves 

[5]. One of them, the centrifuge method, is beyond the scope of this work and will not be described. The 

other two both employ flooding of core samples, however one is performed at steady state conditions 

(SS) and the other at unsteady state (USS) conditions.  

In the steady state method (Figure 2.5), water and crude oil are injected simultaneously, at a 

constant fractional flow, through a core sample previously conditioned to 𝑆𝑤𝑐  (e.g. saturated with oil 

until irreducible water saturation). Before fractional injection, the initial saturation and oil permeability is 

determined injecting 100% of displaced phase (oil). Then, fractional flows begin at ratios of low 

displacing phase (for instance 5:95 water:oil) which is sequentially increased. At each fractional flow, a 

stable saturation and pressure profiles are eventually established and steady state conditions are 

reached [9]. When that happens, the saturations are registered and the relative permeability of both 

flowing fluids is calculated, so at each fractional flow, one point in the relative oil-water permeability 

curve is determined. Finally, 100% of displacing phase is injected to determine the end-point (at residual 

oil saturation).  

The difference in unsteady state method (Figure 2.6) is that here, the displacing fluid alone is 

injected through the core sample, what means that the saturations and pressures are constantly 

changing and stable conditions are only reached at the end of the experiment. For that reason, with this 

method only the initial, at 𝑆𝑤𝑐, and end-point conditions, at 𝑆𝑜𝑟, are determined, and the relative 

permeability curves themselves must be simulated with mathematical correlations. Unstable 

displacement leading to fingering and capillary end-effects caused by decrease of the viscous forces 

face the capillary forces at the edges of the core sample are other disadvantages pointed out for this 

method [5]. The disadvantages are counterbalanced with the fact that this method more closely 

simulates the real process in which water is used to flood reservoirs and displace oil. Adding to this, is 

also relatively quick compared to the steady state method. 
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Figure 2.5: Illustration of the Steady State method for determination of oil and water relative permeability curves. 

Adapted from [5]. 

 

Figure 2.6: Illustration of the Unsteady State method for determination of oil and water relative permeability 

curves. Adapted from [5]. 

2.2.3 Empirical correlations for determination of relative permeability curves 

Many correlations exist to predict the shape of the relative oil and water permeability curves. Li 

and Horne (2005) made a comparison between three of the most widely used models [10], and found 

that the Corey correlation [11] predicts the oil and water relative permeability curves fairly reasonably 

for both wetting and non-wetting phases. The Purcell model [12] was found to be better in the prediction 

of the relative permeability curve of the wetting phase, however fails to predict the relative permeability 

curve of the non-wetting phase. An attractive model called LET was proposed by Lomeland et. el. (2005) 

[13], which mathematical arrangement introduce flexibility to the relative permeability curves. The 

authors compared their model to the Corey correlation and to another model proposed by Chierici [14] 

(Figure 2.7), where the flexibility of the LET model compared to the other models is noted. The main 

disadvantages of the LET model are that its employment is not straightforward since separate equations 

for the end-points of the curves must be used. Additionally, a calculation to normalize the water 

saturation must be previously done. Conversely, the Corey correlation is of direct application and the 

simplicity of the model does not compromise its effectiveness, once the simulations are fairly 
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reasonable. For that reason, for the performed experiments in this investigation, relative oil and water 

permeability curves will be modeled using the Corey correlation. 

 

Figure 2.7: Lomeland et. al. (2005) [13] comparison of their LET model with the Corey correlation [11], the Chierici 

model [14] and experimental steady state relative permeability data. Adapted from [13]. 

The Corey correlations for relative oil and water permeability are written as: 

𝑘𝑟𝑜 = 𝑘𝑟𝑜(𝑆𝑤𝑚𝑖𝑛)
[

𝑆𝑤𝑚𝑎𝑥−𝑆𝑤−𝑆𝑜𝑟𝑤

𝑆𝑤𝑚𝑎𝑥−𝑆𝑤𝑖−𝑆𝑜𝑟𝑤
]

𝐶𝑜

                                       Equation 2.4 

𝑘𝑟𝑤 = 𝑘𝑟𝑤(𝑆𝑜𝑟𝑤)
[

𝑆𝑤−𝑆𝑤𝑐𝑟

𝑆𝑤𝑚𝑎𝑥−𝑆𝑤𝑐𝑟−𝑆𝑜𝑟𝑤
]

𝐶𝑤

                                  Equation 2.5 

where 𝑘𝑟𝑜(𝑆𝑤𝑚𝑖𝑛)
 is the relative oil permeability at irreducible water saturation (e.g. initial point of the 

relative oil permeability curve), 𝑘𝑟𝑤(𝑆𝑜𝑟𝑤)
 is the relative water permeability at residual oil saturation (e.g. 

end-point of the relative water permeability curve), 𝑆𝑤𝑚𝑎𝑥 is the maximum water saturation 

(experimentally assumed 1), 𝑆𝑤 is the water saturation along the curve (calculated during the oil 

saturation and then during water flood), 𝑆𝑜𝑟𝑤 is the residual oil saturation to water, 𝑆𝑤𝑖 is the initial water 

saturation (or irreducible water saturation) and 𝑆𝑤𝑐𝑟  is the critical water saturation (saturation at which 

the water starts flowing; experimentally, 𝑆𝑤𝑐𝑟 = 𝑆𝑤𝑖). 𝐶𝑜 and 𝐶𝑤 are the oil and water exponents, which 

range from 1 to 6 [15]. 

2.2.4 Influence of wettability 

As mentioned above, relative permeability is influenced by the wettability. That influence can be 

observed by the profile of the relative permeability curves. In Figure 2.8-left are schematically 

represented the relative oil and water permeability curves for an oil-wet system (dashed) and for a 

water-wet system (full). In oil-wet systems, the cross over between oil and water 𝑘𝑟 curves is at 𝑆𝑤 <
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50%, the initial water saturation (or irreducible water saturation) is high, the residual oil saturation is low 

and the end-point for the 𝑘𝑟𝑤 curve is also high (≈ 0,5) [16]. The translation of this to practical terms is 

that a small increase of water saturation decreases abruptly the oil ability to flow, on behalf of a fast 

increase of the water ability to flow. An early water breakthrough is characteristic, with significant oil 

production after the water breakthrough, although great amount of the oil remains unproduced. In the 

water-wet system, the cross over between 𝑘𝑟𝑜 and 𝑘𝑟𝑤 curves is usually at 𝑆𝑤 > 50%, 𝑆𝑤𝑖 is high and 

𝑆𝑜𝑟 is low, and end-point for the 𝑘𝑟𝑤 curve has lower value (≈ 0,3) [16]. This means that the oil is the 

most mobile phase during great part of the production process, whereas water ability to flow increases 

slowly with saturation, and becomes the most mobile phase only close to the end of production, resulting 

in low end-point for 𝑘𝑟𝑤. Water breakthrough happens later in comparison with oil-wet system and little 

oil is produced after the water breakthrough. 

  

Figure 2.8: Influence of wettability on the oil and water relative permeability curves. (left) is an illustration and (right) 

are experimental data obtained from Jennings (1975) [17] for a brine-heptane system. Adapted from [16]. 

Figure 2.8-right shows experimental results obtained from Jennings (1975) [17] for the system 

brine-heptane, where steady state experiments were conducted over an initially water-wet core sample, 

to build the 𝑘𝑟𝑤/𝑘𝑟𝑜curves for the water-wet condition. Then, the core sample was treated with organo-

chlorosilanes to obtain oil-wet conditions, and the experiment was repeated. The shift in the 𝑘𝑟𝑤/𝑘𝑟𝑜 

curves from the initially water-wet to the subsequent oil-wet conditions is significant and flawlessly 

reproduces the theory, since the theory itself was construed based on experimental investigation.    

2.2.5 Influence of saturation history and capillary pressure 

Capillary pressure and saturation history of a core sample are closely related to relative 

permeability curves. To explain these relations, two concepts must first be introduced: drainage and 

imbibition. Conventionally, drainage means decreasing the wetting phase saturation and imbibition 

means increasing the wetting phase saturation. For the sake of simplicity, in this document the two 
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terms will be referred to water saturation, irrespective of the wettability. Hence, allow the author to define 

drainage as decreasing the water saturation and imbibition as increasing the water saturation. 

The first major displacement that occurs in a reservoir is the oil migration. Since the reservoir 

contains formation water prior the hydrocarbons’ migration, during the period of migration the water is 

drained to give place to the hydrocarbons. This process represents the primary drainage. The second 

major displacement in a reservoir occurs in the production phase, where water is injected to displace 

hydrocarbons. The increase in the water saturation at this step represents the primary imbibition, since 

the reservoir only has undergone primary drainage prior to that. When core samples are extracted from 

reservoirs that have already passed through primary drainage and primary imbibition, such saturation 

history is noted in the relative permeability data and should be reflected by laboratory tests [5].  

Figure 2.9 shows a typical representation of relative permeability curves in function of saturation 

history of the core sample for water-wet and for oil wet conditions. The curves in red show the evolution 

of the capillary pressure during each saturation stage, the green and blue curves show the variation of 

𝑘𝑟𝑜 and 𝑘𝑟𝑤, respectively, caused by wettability alteration with the saturation changes.  

The dotted red curve represents the primary drainage, and is the same for both water-wet and 

oil-wet conditions since prior the oil migration the reservoir is always water-wet. The capillary pressure 

increases as the hydrocarbons are invading the reservoir, and is visible, from the blue line in full, that a 

considerable accumulation of hydrocarbons and rise in capillary pressure is needed for the oil to start 

displacing water.  

The dashed red curve represents the primary imbibition and oil production from the reservoir. In 

the water-wet condition, capillary pressure remains positive over most of the imbibition, since the water 

imbibes the pores without much resistance from the oil. In turn, in the oil-wet system, the capillary 

pressure (𝑃𝑐) shifts from positive to negative because the water imbibes in the large pores (from which 

was able to displace oil), but not in the small pores. The 𝑘𝑟𝑜 and 𝑘𝑟𝑤 curves during primary imbibition 

(dashed green and dashed blue curves, respectively) show the behavior explained above according if 

in water-wet or in oil-wet conditions.  

The full red curve represents a secondary drainage, which could correspond to extract a core 

sample from this hypothetical reservoir and saturate it with crude oil in laboratory (without previous 

cleaning). The capillary pressure profile shifts to lower capillary pressures in comparison to the ones 

during primary drainage, for both water-wet and oil-wet conditions. This occurs because now the rock 

contains a residual saturation of oil, which favors the new invasion of hydrocarbons. In oil-wet system, 

the shift is more significant once the hydrocarbons are now the wetting fluid, and invade the pores 

easily. The 𝑘𝑟𝑜 curves during this secondary drainage are shifted to the right in both water-wet and oil-

wet conditions, which means that at the same water saturations, the relative permeability values are 

higher, e.g. the oil flows easily. The same happens with water, although the shift in the 𝑘𝑟𝑤 is towards 
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the left. This is consequence of the saturation history. The rock has already been in contact with both 

fluids, which make them flow easily within the reservoir.   

 

Figure 2.9: Relation between capillary pressure, saturation history and relative permeability curves. Adapted from 

[1]. 

2.3 Surfactants 

Surfactants, or surface active agents, are organic compounds composed of at least one lipophilic 

(solvent “loving”) and one lyophobic (solvent “fearing”) group (Figure 2.10). In the cases where the 

solvent is water, these groups can be referred as hydrophilic and hydrophobic [18]. The hydrophilic 

group is the polar and the hydrophobic group the non-polar part of the molecule, therefore the 

hydrophilic head makes the molecule soluble in polar solvents like water and the hydrophobic tail makes 

it soluble in non-polar solvents and oil.  

 

Figure 2.10: Schematics of the typical structure of surfactants. Source [19] 

As mentioned in Chapter 1, surfactants are classified according to four major families: Anionic 

(negative charge), Cationic (positive charge), Amphoteric (both positive and negative charges) or Non-

Ionic (no net charge). These characteristics are in fact conferred by the hydrophilic group. Anionic 

surfactant are the ones that dissociate in water as negative ions. Cationic surfactant are the ones that 

dissociate in water as positive ions. Amphoteric surfactants dissociate as cations or as anions 

depending on the pH of the solution – in acidic solutions dissociate as cations and in alkaline solutions 
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dissociate as anions. In intermediate pH both ionic groups show equal ionization. Non-Ionic surfactants 

are the ones that do not form ionic species in water. 

The hydrophobic group of surfactants is usually the largest part of the molecule and therefore 

the one that contributes the most for it cost. It is classified also in four big families, namely of 

Hydrocarbon Chain, of Fluorocarbon chain, of both Fluorocarbon and Hydrocarbon chain or of Silicone 

chain [20]. 

2.3.1 Surfactants in aqueous solution and their potential for EOR 

When surfactant molecules are added to aqueous solutions, their opposite polar/non-polar 

groups generate two phenomena: adsorption and aggregation.  

Adsorption is the migration of the surfactant molecules to the interface between two phases 

(liquid/gas and liquid/solid) or between two immiscible fluids (liquid/liquid). Is driven due to the 

preference of the hydrophilic head to stay in the polar solvent in contrast to the preference of the 

hydrophobic group to be in a non-polar (or less polar) solvent. Once at the interface, the molecules 

position their hydrophilic heads towards the more polar phase and their hydrophobic tails towards the 

less polar phase. Thus, the cohesive polar/non-polar interactions that existed amongst the two 

immiscible phases are replaced with stronger interactions between polar phase–hydrophilic group and 

non-polar phase–hydrophobic group, decreasing the tension between the two phases (Figure 2.11 left). 

The stronger the tendency of a surfactant molecule to adsorb to the interface, the greater will be the 

tension reduction [18].  

Contrary of adsorption, which happens at the interface, aggregation takes place within the bulk 

solution. As the concentration of surfactant is increased, at some point the interface becomes saturated 

and no more surfactant molecules are allowed. These “banned” molecules are forced to remain in the 

bulk solution, however their hydrophobic tails are not stable surrounded by the polar water molecules 

and start aggregating to other hydrophobic tails. As more and more molecules join the aggregate, a 

sphere is ultimately formed, with the hydrophilic heads at the surface facing the solvent and the 

hydrophobic tails in the interior facing the center (Figure 2.11 right). These spheres are called micelles 

and the concentration at which they start forming is called critical micelle concentration (CMC) [18].  

  

Figure 2.11: Schematics of the surfactants condition in aqueous solution (left) below the CMC and (right) above 

the CMC. Adapted from [21]. 
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Water and oil are two immiscible fluids, and the tension at the interface between them is one of 

the factors that stops the water from displacing oil from the smaller pores. The potential of decreasing 

that tension can be considered from two different perspectives. Conceiving an oil-wet rock, in which the 

hydrocarbon phase stays preferentially in the smaller pores, if the pressure at the interface water-oil 

could be reduced, first the water would be able to invade the small pores and displace the oil trapped 

there and second, once inside the pores, the water would have the opportunity to alter the wettability in 

that unswept until the moment zones. Hence, the main perspectives of using surfactants to enhance 

the oil recovery is an interfacial tension reduction and a wettability alteration from oil-wet to more water-

wet conditions. The chemistry of the mechanisms behind these perspectives, however, is not simple 

and a series of factors that must be considered are discussed below.    

2.3.2 Surfactants’ phase behavior  

As just discussed, above a certain concentration of surfactant, the CMC, spherical structures 

denominated micelles start forming in the bulk solution by the aggregation of monomers of surfactants. 

In fact, these structures are not necessarily spherical. Their formation, growth and reorganization into 

larger macrostructures is usually sequenced, and each surfactant type exhibits a different sequence, 

traduced by its phase behavior.  

Different phases exist in a surfactant solution depending on the single and multi-structures 

formed. Phases strongly depend on the concentration of surfactant and can vary a series of solution 

properties [22]. The known single-structures (aggregates) are illustrated in Figure 2.12 and their 

formation is described from a geometric consideration by the packing parameter 𝑃: 

𝑃 =
𝐴ℎ𝑙𝑐

𝑉𝑐
                                                          Equation 2.6 

where 𝐴ℎ is the area required by the solvated head group, 𝑙𝑐 is the length of the hydrophobic 

hydrocarbon chain and 𝑉𝑐 is the volume of the hydrophobic hydrocarbon chain. The head group 

dimension is not only a matter of geometric area, as the head dimension depends on the electrostatic 

repulsion. Therefore, for this variable are also to take in consideration the concentration of the 

surfactant, the degree of dissociation, the temperature and the ionic strength of excess electrolyte that 

might be present. 

 

Figure 2.12: Surfactant aggregates. (a) spherical micelle, (b) rod-like micelle and (c) disc-like micelle. Adapted 

from [22].  
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For 𝑃 > 3 predominate spherical micelles because the large hydrophilic groups have more space 

in the surface of the micelle. For 3 > 𝑃 < 2 rod-like or cylindrical micelles are formed and for 2 < 𝑃 < 1 

lamellar bilayers or disc-like shapes are preferential. For 𝑃 < 1 the area of the hydrophobic chain is 

greater than the area of the head group, originating reversed micelles (hydrophilic group in the center 

and hydrophobic tail facing the solution). At higher surfactant concentrations, the single micellar 

structures start packing into bigger multi-micellar formations called lyotropic liquid crystalline phases or 

mesophases. Dense packing of spherical micelles leads to cubic phases, rod-like micelles lead to 

hexagonal phases and bilayers form lamellar phases. For general surfactants, the sequence of phases 

with increasing concentration is usually isotropic micellar (𝐿1), cubic, hexagonal (𝐻1), lamellar (𝐿𝛼) and 

reverse Figure 2.13. Besides the concentration, temperature variations can also lead to phase 

transitions and the transition zones between single-phase regions are usually characterized by the 

presence of both phases.  

A certain surfactant solution does not necessarily possess the entire liquid crystalline sequence. 

Rather are more common the cases where, for example, the hexagonal or the lamellar are the first 

liquid crystalline phases [22]. 

 

Figure 2.13: Schematics of a phase diagram with a typical sequence isotropic micellar (𝐿1), hexagonal (𝐻1), 

lamellar (𝐿𝛼) and reverse. Adapted from [22]. 

Surfactant micelles have no interface activity, as it was previously explained and illustrated by 

Figure 2.11. The interface activity is given by existing free monomers, adsorbed to the interface. When 

the CMC is reached, the interface is complete and micelles start to form, therefore any increase in 

concentration above the CMC only change the shape of the micelles, and the concentration of the free 

monomers remains constant. Thus, the properties of the interface do not change in function of the 

concentration for concentrations above the CMC [22]. What will change are the properties of the bulk 

solution, like for example the flow properties, and this can impact the injectivity of the solution, giving 
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rise to plugging issues. Therefore, the phase behavior must be studied prior the implementation of a 

given surfactant.   

2.3.3 Properties of surfactants at interfaces 

As explained previously, surfactants’ potential to cEOR is their ability to adsorb at interfaces and 

replace the high-energy interactions existing, with more stable, low-energy interactions. Surfactants’ 

adsorption at different interfaces has different denominations [22]: 

• Foaming (liquid – gas)  

• Emulsification (liquid – liquid) 

• Coating (liquid – solid) 

Foaming would not be discussed since gas phase within the reservoir is not being considered. 

Emulsification, however, is important to understand the mechanisms taking place at the interface water-

oil and similarly coating is important to understand the mechanisms at the interface water-rock.    

2.3.3.1 Conditions of a generic interface 

Prior to exposing the interactions at liquid-liquid and liquid-solid interfaces, the conditions of a 

generic interface must be understood. Picturing a general aqueous solution without surfactants, within 

that bulk solution, the attractive forces between the molecules are uniform. However, at the contact 

liquid/air, the molecules on the air phase are more spaced, so the liquid molecules at the surface layer 

have more interactions with the liquid than with the air. The disequilibrium generates an excess free 

energy, called surface tension,  When instead of the air phase the aqueous solution is in contact with 

another fluid, immiscible, the same tension is verified in the interface between the two fluids, with the 

difference that in this case is called interfacial tension. The interfacial tension between two immiscible 

fluids, for example oil (O) and water (W), is the excess free energy that exists in the interface molecules 

per unit area and is represented by  𝛾𝑂𝑊, in J/m2.  

                               𝛾𝑂𝑊 = 𝛾𝑂 + 𝛾𝑊 − 2𝜓𝑂𝑊                                               Equation 2.7 

where 𝛾𝑂 is water surface tension, 𝛾𝑊 is oil surface tension and 𝜓𝑂𝑊 is interaction energy between 

water and oil. Generally, the interfacial tension value lies between the surface tension values of the two 

fluids. The greater the similarity between molecules of the different fluids, the larger the interactions 

between them (larger 𝜓𝑂𝑊) and the smaller the interfacial tension 𝛾𝑂𝑊. Following the same logic, having 

a large 𝛾𝑂𝑊 means the molecules at the interface are very distinct and on the other hand, having small 

𝛾𝑂𝑊 means the interface molecules are similar [18].  

If the water or oil molecules from the bulk solutions could move to the interface and expand it, 

they would be able to reduce the tension. This in practice does not happen because they cannot 

overcome the free potential energy (the tension) of the interface molecules. Surfactant molecules, on 

the other hand, are able to overcome the free potential energy of the interface molecules [22] and, as 
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already mentioned, when added to the one of the fluids (in this case to the water), they would be able 

to migrate to and adsorb at the interface.   

2.3.3.2 Adsorption at Liquid – Liquid Interfaces 

Is crucial to optimize the concentration of surfactant added to the water, so as to obtain the 

desired decrease in interfacial tension without compromising the reservoir with the injectivity and 

plugging issues previously discussed. The bulk surfactant concentration 𝐶 is related with the amount of 

surfactant adsorbed at the interface by adsorption isotherms: 

                            Γ = Γ𝑚𝑎𝑥
𝐶

𝐶+𝑎
                                                            Equation 2.8 

where Γ𝑚𝑎𝑥 is the maximum surfactant adsorption in mol/cm2 at infinite dilution and 𝑎 is a constant. The 

relationship is most commonly represented in the linear form (Langmur equation): 

                              
𝐶

Γ
=

𝐶

Γ𝑚𝑎𝑥
+

𝑎

Γ𝑚𝑎𝑥
                                                         Equation 2.9 

This relationship is a straight line if the adsorption of the surfactant is of Langmur type. From the slope 

of a plot 𝐶 Γ⁄  in function of 𝐶, Γ𝑚𝑎𝑥 can be determined and the interception with the vertical axis gives 

the constant 𝑎.   

The interfacial tension of a fluid containing surfactants is related to the bulk concentration of 

surfactant added by the Szyszkowsky expression:  

                        𝜋 = 𝛾𝑖 − 𝛾 = 𝑅𝑇Γ𝑚𝑎𝑥𝑙𝑛 (
𝐶

𝑎
+ 1)                                       Equation 2.10 

where 𝜋 is the surface pressure of the solution, 𝛾𝑖 the surface tension of the pure solvent and 𝛾 the 

surface tension of the surfactant solution.  

The interfacial tension is usually plotted against the bulk surfactant concentration, in log (Figure 

2.14). The inflection point in such graphs represents, in the horizontal axis, the CMC. As explained 

above, micelles are passive components and the active molecules at the interfaces are the surfactant 

monomers. When the equilibrium is reached, micelles and monomers concentrations are in dynamic 

equilibrium, which means that monomers from micelles are constantly released and replaced with free 

monomers from the bulk solution. The dynamic equilibrium is reached with the formation of the first 

micelle in the bulk solution – at CMC. Thus, below the CMC value the concentration of free surfactant 

molecules is increasing causing the interfacial tension to decrease rapidly as the monomers are being 

adsorbed at the interface. At the CMC, the interfacial tension reaches its minimum. Above the CMC, 

the concentration of free surfactant molecules is constant, therefore the interfacial tension from this 

point on is also unchanged. The slope of such curves below the CMC represents the surface excess 

surfactant concentration, Γ. 
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Figure 2.14: Surface tension as function of bulk surfactant concentration in the aqueous phase. Adapted from [18]. 

Basically, with the help of the exposed equations is possible to estimate the effective 

concentration for a given surfactant, e.g., the concentration needed to reduce the interfacial tension 

without excessive accumulation of surfactant in the bulk solution (remember that only the surfactant 

adsorbed at the interface is relevant). The efficiency of surfactant adsorption is determined as function 

of the minimum bulk surfactant concentration needed to reduce the interfacial tension by 20 𝑑𝑦𝑛𝑒/𝑐𝑚 

(𝜋 = 20 𝑑𝑦𝑛𝑒/𝑐𝑚). Is defined as 𝑝𝐶20, being 𝑝𝐶20 = − log 𝐶20. The larger the 𝑝𝐶20, the smaller the 

concentration of surfactant needed to reduce the interfacial tension and more efficient is the surfactant 

[18]. Typical surfactant concentrations in laboratory cEOR flooding are in the ranges of 1g/L.  

2.3.3.3 Adsorption at Liquid – Solid interface 

Adsorption of surfactant at solid surfaces can be caused by many mechanisms like hydrophobic 

bonding, electrostatic interactions, acid-base interactions, polarization of 𝜋 electrons and dispersion 

forces. The mechanism taking place depends on the nature of the solid surface and the type of 

surfactant, however the mechanisms are not necessarily independent. Although in different extents, 

they can act simultaneously, which scale up the complexity of the overall adsorption process in this 

type of interfaces. Adsorption at solid interfaces is also described by adsorption isotherms. The moles 

of surfactant adsorbed by unit mass of solid (𝑁𝑠) can be determined from: 

                                                       𝑁𝑠 =
(𝐶𝑜−𝐶𝑒)𝑉

𝑚
                                                     Equation 2.11 

where 𝐶𝑜 is the initial concentration of surfactant in the liquid phase before adsorption, 𝐶𝑒 is the 

concentration of surfactant in the liquid phase after the equilibrium is reached, 𝑉 is the volume of the 

liquid phase and 𝑚 is the mass of the adsorbent. Experimentally, the surfactant concentration at the 

equilibrium is difficult to measure, and to overcome that issue a tracer (non-interacting molecule) is 

injected along the surfactant solution during cEOR flooding and the surfactant adsorption at the rock 

surface is calculated by the difference between surfactant and tracer breakthrough moments (the 

technique will be described in detail in the next chapter).  

The adsorption isotherm represented by Equation 2.11 can be written in linear form:  
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𝐶

𝑁𝑠
=

𝐶

𝑁𝑠,𝑚𝑎𝑥
+

𝑎

N𝑠,𝑚𝑎𝑥
                                              Equation 2.12 

where 𝑁𝑠,𝑚𝑎𝑥 is the maximum moles of surfactant adsorbed per gram of adsorbent at equilibrium. 

Furthermore, the interface concentration of surfactant on solid surfaces, Γ (𝑚𝑜𝑙/𝑎𝑟𝑒𝑎) can be calculated 

from:  

                                                      Γ =
𝑁𝑠

𝐴𝑠
=

(𝐶𝑜−𝐶𝑒)𝑉

𝐴𝑠𝑚
                                                Equation 2.13 

where 𝐴𝑠 is the surface area per unit mass of the solid adsorbent. Typical plots of log Γ vs log 𝐶𝑒 show 

four region isotherms as shown in Figure 2.15-left, which help to understand the adsorption process. 

Region 1 represents the adsorption at low surfactant concentration. In region 2, the surfactant 

molecules move towards the solid surface and form hemimicelles or monolayers of surfactant. As bulk 

concentration increases, molecules start to interact with previously adsorbed surfactant molecules and 

creating surfactant aggregates (Figure 2.15-right). The transition between regions 1 and 2 represent 

the beginning of the formation of the first aggregate, which is still below the CMC. In region 3 the slope 

decreases because the surface is becoming saturated and the rate of bilayer formation decreases. In 

region 4 the first micelle is formed in the bulk solution and the plateau in the isotherm is reached [18]. 

  

Figure 2.15: (left) four region isotherms of surfactant adsorption in solids and (right) phase behavior at each 

region. Adapted from [18]. 

 The goal of the adsorption at liquid solid interface is the physical separation of the target particle 

(oil particle) from the solid (rock). The separation in solid - liquid interfaces can be caused by three 

driving forces as shown in Figure 2.16. Case a) illustrates the process undergoing with anionic and 

cationic surfactants. In negatively charged surfaces, anionic surfactants add negative charges to the 

surface they adsorb to and make it more negative. This increases the electrostatic repulsion and the 

particle separates from the surface. Cationic surfactants use the analogue process adding positive 

charges to positively charged surfaces. Mechanism b) is characteristic of non-ionic surfactants. 

Surfactant adsorb to both oil particle and rock surface and monomers start pushing each other (due to 

the disjoining pressure) because there is no enough space for all. Ultimately the oil particle is separated 

[22]. Cases a) and b) are likely to dominate when an oil layer is between the rock surface and the 
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surfactant solution, e.g. in oil-wet conditions when the surfactant solution has not yet opened path to 

the rock. When the surfactant solution brakes the oil film, the surfactant gets in contact with the rock 

surface and case c) starts dominating.  

 

Figure 2.16: Driving forces for particles separation. Adapted from [22]. 

Case c) illustrates the mechanism of wettability alteration by surfactant solutions. To understand 

this mechanism, let us first describe how a hypothetic surfactant solution wets a solid surface free of 

oil. Wetting is described by the Young Equation for Wetting: 

𝛾𝑠 = 𝛾𝑠𝑙 + 𝛾𝑙 cos 𝜃                                                   Equation 2.14 

where 𝛾𝑠 is the surface tension for solid/air, 𝛾𝑠𝑙 is the interfacial tension for solid/liquid, 𝛾𝑙 is the surface 

tension for liquid/air and 𝜃 is the contact angle. When a surfactant solution is dropped onto a solid 

surface, the surface/interfacial tensions, which are vector forces, can be represented as in Figure 2.17.  

 
Figure 2.17: Illustration of the wetting in solid surfaces. Adapted from [22]. 

In Figure 2.17 is also represented 𝑗, a parameter called wetting tension and expressed as: 

𝑗 = 𝛾𝑠 − 𝛾𝑠𝑙 = 𝛾𝑙 cos 𝜃                                           Equation 2.15 

For a surfactant solution to wet completely a solid surface, the spreading of the droplet must be 

spontaneous, that means 𝜃 = 0 or cos 𝜃 = 1. The tension of the limit value cos 𝜃 = 1 is denominated 

critical surface tension 𝛾𝑐, and only liquids with 𝛾𝑙 ≤ 𝛾𝑐 are able to spread spontaneously on surfaces. 

Surfactant solutions are designed to be such liquids. However, when oil is present in the system, it will 
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compete with the surfactant solution to wet the surface and the situation becomes like the one illustrated 

in Figure 2.18. In Figure 2.18–a, the surfactant solution (droplet A) approaches the oil phase (droplet 

B). Each phase is in contact with the rock therefore each one has its own wetting tension j (jA is the 

surfactant wetting tension and jB is the oil wetting tension). In Figure 2.18-b surfactant solution and oil 

phase get in contact and the interfacial tension between them (𝛾𝐴𝐵) develops. The sum of their wetting 

tensions, Δ𝑗, acting in opposite directions, is (assuming positive direction 𝑗𝐴): 

Δ𝑗 = 𝑗𝐴 − 𝑗𝐵                                                   Equation 2.16 

where Δ𝑗 is called the oil displacement tension. For the surfactant solution to remove the oil droplet, its 

wetting tension 𝑗𝐴 must be greater than oil wetting tension 𝑗𝐵. Wetting tensions are not the only forces 

acting horizontally, as 𝛾𝐴𝐵 also has a contribution in the horizontal direction, represented by 𝛾𝐴𝐵 cos 𝜃. 

Thus, the resulting horizontal force 𝑅 responsible for the wettability alteration promoted by surfactant 

solutions is: 

𝑅 = ∆𝑗 + 𝛾𝐴𝐵 cos 𝜃                                             Equation 2.17 

and 𝑅 is called contact tension.  

  

Figure 2.18: Two liquids A (surfactant solution) and B (oil) in a solid surface. jA and jB are wetting tensions of 

water and oil, respectively. Adapted from [22]. 

These calculations are not performed experimentally since is impossible to monitor the contact 

angle during a coreflooding experiment. Nevertheless, it gives a clue of the basic mechanism of 

wettability alteration by surfactant solutions, and understanding the basics is crucial to evaluate final 

performances.   

2.3.4 Emulsions 

Emulsions are formed when two immiscible liquids are mixed. The emulsions are usually 

unstable, however the presence of surfactants can stabilize the emulsion. The classification as 

macroemulsions and microemulsions depend on the particle size, with drops in the range between 5-

50nm typical for microemulsions and higher than 400nm for macroemulsions. The most common 

emulsions are oil in water (O/W), for which is needed a hydrophilic surfactant and water in oil (W/O), 

for which is needed a hydrophobic surfactant. 



 

 

23 

For EOR purposes, microemulsions are the relevant ones because bigger particle size can cause 

reservoir plugging, as mentioned several times along this chapter. Microemulsions are temperature and 

salinity dependent. At a fixed salinity and low temperatures, an O/W microemulsion is in equilibrium 

with the excess oil phase. This state is denominated Winsor  system. At high temperatures, the 

hydrophilic head requires less space at the interface and reverse micelles can occur. A phase inversion 

takes place and a W/O system is formed in equilibrium with the excess water. This condition is called 

Winsor  system. At intermediate temperatures three phases are in equilibrium – a water phase, a 

microemulsion D and an oil phase. This condition is termed Winsor  system. The transition between 

systems and the phase behavior associated to each system is schematically represented in Figure 2.19 

[22].  

 

Figure 2.19: Dependence of the phase behavior with temperature. Adapted from [22]. 

In Winsor  systems the interfacial tension is minimum because water and oil phases are not 

directly in contact, but mediated by the microemulsion phase. Therefore, the interfacial tension will show 

a minimum value at the temperature of the phase inversion, where the Winsor  system is formed. An 

example of this correlation is shown in Figure 2.20-right for tetradecane/water/C12E5. Since Winsor  

systems are the ones that allow lower interfacial tension, they are the target types for water-oil 

emulsions [22]. However, the emulsion type will also be influenced by the type of crude oil. Extensive 

investigation of the phase behavior of each water-surfactant-oil system in function of the temperature 

and salinity is required to determine the optimum conditions. 

The temperature of phase inversion (PIT) is a property of the surfactants of low concentration. 

For higher concentrations, the phase inversion is not observed because the surfactant molecules are 

able to solubilize all the water and the hydrocarbons, resulting in a single microemulsion phase. This is 

shown in Figure 2.20-left, a diagram of the characteristic phases in function of the temperature and 

surfactant concentration for the same system tetradecane/water/C12E5 [22].  
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Figure 2.20: (Left) Emulsion type depending on the temperature and surfactant concentration for a constant 

tetradecane/water ratio 1:1 and (right) interfacial tension in function of the temperature for the system 

tetradecane/water/C12E5. Adapted from [22]. 

The optimal salinity for microemulsion formation of a given water-surfactant-oil system can be 

experimentally determined by salinity scan tests. Basically, the surfactant solution is prepared in waters 

of increasing salinity, which are introduced in pipettes along with the crude oil under study, maintaining 

a constant water-oil ratio (WOR). At a fixed temperature and after a time for stabilization, the phase 

behavior of the three-phase system is observed and the salinities corresponding to the formation of the 

microemulsion (Winsor type ) phase can be identified. An illustration of typical results from salinity 

scan test are shown in Figure 2.21. The procedure can be repeated for as many temperatures as 

desired, being the reservoir temperature the mandatory guide test.  

 

Figure 2.21: Illustration of results of a salinity scan test. Adapted from [23]. 
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2.3.5 Surfactant flooding in carbonates 

Along the previous sections has been discussed the potential of surfactant solutions to increase 

oil recovery. Despite the eminent potential, only a few surfactant flooding projects have so far been 

carried out in carbonate reservoirs [23]. The lack of applications has mainly to do with the high tendency 

of anionic surfactants to adsorb to the carbonate surface [24]. As already discussed, carbonates’ 

surface is preferentially positive. Cationic surfactants might be the better solution for positively charged 

rock surfaces since the electrostatic repulsion would decrease the surfactant adsorption on the rock. 

However, cationic surfactants are too expensive and the investigations are being focused mostly on 

anionic surfactants. 

Several studies are available regarding adsorption of surfactants on carbonate surfaces. Zhou 

et. al. (2012) [25] investigated the adsorption of amphoteric surfactants onto permeable carbonate rocks 

under high temperature (100oC) and high pressure (210bar). They used surfactant concentrations 

between 0,1 and 0,5wt% in seawater, and reported adsorption values in the range between 0,223 and 

0,597mgsurf/grock, with direct relationship between surfactant concentration and adsorption (that is, the 

adsorption increased as the surfactant concentration was increased). In a previous study of Al-Hashim 

et. al. (1996) [26] was reported a similar dependence of the surfactant adsorption with concentration. 

In this case, the authors investigated surfactant concentrations up to 2wt% at 90oC, and the conclusion 

was the same since for surfactant concentrations higher than 0,5wt%, the adsorption maintained 

constant values. The adsorption values were in the range between 3 and 5,5mgsurf/m2, corresponding 

to approximately 5,52 and 10,12mgsurf/grock. Wang et. al. (2015) [27] proposed that the surfactant 

adsorption might be correlated with the permeability. They flooded carbonate samples from reservoir 

formations, ranging in permeability between 114 and 501mD, with solutions of 2wt% of amphoteric 

surfactant, at 100oC and 214bar. The adsorptions calculated were between 0,125 and 0,203mgsurf/grock, 

(calculated by titration and Total Organic Carbon (TOC) method), where the lowest and highest 

adsorption values correspond to highest and lowest permeability core samples, respectively. Solairaj 

et. al. (2012) [28] believe that the composition of the crude oil can impact the surfactant adsorption and 

to prove that, the authors flooded over 50 sandstone and limestone core samples along several years, 

varying a wide range of conditions, including the crude composition. Relevant for this work are their 

results on limestones, conducted at 83oC and 7-17bar, with surfactant concentrations of 1 and 3wt%. 

The surfactant adsorption was measured with HPLC analysis, where the authors show a reduction in 

the surfactant adsorption from 0,3mgsurf/grock to 0,046mgsurf/grock as they used more reactive (with higher 

pH) crude oils. Higher adsorption ranges, between 2mgsurf/grock and 8mgsurf/grock, of anionic surfactant 

are reported by ShamsiJazeyi et. al. (2014-b) [29], for three different carbonate types, namely Carlpool 

dolomites, Franklin industrial calcites and Indiana limestones, however this results were obtained from 

flooding crushed core grains. In tests with crushed cores, the surface area is significantly increased, 

which leads to illusory increase of the adsorption [28].                   

The main problem arisen from surfactant adsorption is the fact that the injected surfactant 

solution is gradually diluted along the core, which leads to lower efficiency. To compensate the dilution, 

greater surfactant volumes need to be injected, resulting in increase of the projects’ costs. Hence, 

methods to reduce the surfactant adsorption started to be investigated. These methods basically 
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constitute in the addition of other components to the surfactant solution, the so called chelating or 

sacrificial agents, which would adsorb into the rock instead the surfactant. Several chelating/sacrificial 

agents have been proposed for adsorption reduction. Zhan et. al. (2004) [30], studied the addition of 

sodium carbonate (Na2CO3) to the surfactant solution. They tested it in spontaneous imbibition tests, at 

concentrations of 1wt% along with varying concentrations of anionic surfactant and reported a 

significant reduction in the surfactant adsorption. ShamsiJazeyi et. al. (2014-a) [31] investigated the 

addition of polymer to anionic surfactant blends. Specifically, they tested polyacrylates of different 

molecular weights (2100 to 5100Da), polyelectrolytes and other uncharged polymers. The uncharged 

polymers showed no significant reduction of the adsorption, the polyelectrolytes reduced the adsorption 

by approximately a half, while polyacrylates of molecular weights greater than 4500Da reduced to 

nearly zero the surfactant adsorption. The mechanism proposed by the authors is illustrated in Figure 

2.22. Polyelectrolytes and specially polyacrylates of higher molecular weight, due to their negative 

charges, adsorb irreversibly to the surface and reverse the surface charge, which repulse the anionic 

surfactant. 

 

Figure 2.22: Competitive adsorption of anionic surfactant and anionic polymer on positively charged surfaces. (left) 

in absence of polymer, surfactant adheres to the surface. (center) low molecular weight polymer competes with 

surfactant molecules to adhere to the surface. (right) preferential adsorption of higher molecular weight polymer. 

Adapted from [31]. 

Furthermore, Chen and Mohanty (2014) [32] investigated the use of EDTA, sodium metaborate 

and sodium polyacrylate as chelating agents whom also improve the wettability alteration, for anionic 

and non-ionic surfactants. The tests were conducted at dolomite core samples, at high temperatures 

and in high salinity waters. They observed that the aid of EDTA was responsible for a significant rock 

dissolution, nevertheless reported that the aid of each of the chelating agents to anionic and non-ionic 

surfactants produced additional oil recovery compared to the performance of the surfactant solutions 

alone. In this subject, another work of Austad and Standnes (2003), quoted by Sheng (2013) [23], 

presented a blend of anionic surfactants + ethoxylated (EO) sulfonates with high EO numbers as one 

efficient way to promote wettability alteration, since anionic surfactants alone are claimed to reduce the 

IFT, yet being incapable of changing carbonates wettability. Efficiency of blends of anionic surfactants 

+ EO sulfonates for wettability alteration is also defended by Puerto et. al. (2012) [33] in their search 

regarding the optimal conditions for different surfactant types. Also the work of Tay and Wartenberg 

(2015) [34] must be noted, where the authors investigated a wide list of adsorption inhibitors (AI), as 

they call them, for anionic surfactants, including polymers, solvents, hydrotropes and even non-ionic, 

anionic and amphoteric surfactants (in this case working as co-surfactants). The authors show that the 

final performance of an EOR process with surfactants and adsorption inhibitors, if properly optimized, 
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can yield excellent oil recovery values (approximately 80% of the OOIP). Generally, oil recoveries 

obtained through the usage of surfactant formulation as EOR method ranges between 50-70% of the 

OOIP [35], [36]. 

Tay and Wartenberg (2015) [34] also defend that a negative salinity gradient should be 

implemented in the injection scheme, that is, the fluids injected after water flooding should be at 

subsequent lower salinities (Figure 2.23). The reason is that the optimal salinity for the surfactant 

solution is usually lower than the salinity of the formation brine. However, even when the surfactant 

solution is prepared at its optimal salinity, when injected in reservoirs, it will mix with the formation water, 

and at the first front, the surfactant will be in high salinity environment, which increases the surfactant 

adsorption. Hence, following the surfactant injection, a slug with lower salinity that the surfactant optimal 

salinity should be injected, to balance the high salinity environment generated at the surfactant front 

and lower the surfactant adsorption.  

 

Figure 2.23: Illustration of negative salinity gradient. S stands for salinity and S* stands for surfactant 

optimal salinity. Adapted from [34]. 

2.4 Polymers 

Polymers are long chain molecules composed of repeated units (monomers) of identical 

structure. They can be either found in nature or produced synthetically [37], where there are two main 

processes to do so – chain-reaction polymerization (or addition) and step-reaction polymerization (or 

condensation). Both processes consist in joining free monomeric units, the difference between them is 

essentially the kinetics of the polymerization reaction [38]. For the scope of this investigation the 

polymers’ formation process is not of much interest, however it should be noted that most of the 

commercialized polymers are made from coal or crude oil, which can be a win-win solution for 

companies holding both upstream and downstream, and specifically petrochemical, activities. 

Polymers can be classified according a variety of bases like their origin, their formation process, 

their structure, their thermal response, their crystallinity, etc. Thousands of synthetic polymers exist, 
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and their grouping in smaller families with a given similar characteristic is useful when it comes to 

discuss their properties [39].  

There are mainly two types of polymers used in EOR: polyacrylamides and biopolymers. 

Polyacrylamides are a family of synthetic polymers with flexible, usually coiled chain (Figure 2.24-left). 

Biopolymers is the name given to naturally occurring polymers, and the most used in EOR methods is 

Xanthan (Figure 2.24-right), a polymer produced by the microbial action of Xanthomonascampestris on 

a substrate of carbohydrate media, when protein supplement and an inorganic source of nitrogen are 

present (e.g. by a fermentation process) [40]. 

    

 

 

Figure 2.24: Structure of the most common polymers used in EOR, (left) polyacrylamide and (right) xanthan. 

Adapted from [40]. 

 

2.4.1 Polymers for Mobility Reduction 

Oil viscosity is greater than water viscosity, which is the cause for fingering flow during water 

flooding. Fingering flow can be qualitatively predicted through the mobility ratio, 𝑀, defined as the ratio 

between the mobility of the displacing fluid (water) and the mobility of the displaced fluid (oil):  

𝑀 =
𝑘𝑟𝑤

𝜇𝑤
×

𝜇𝑜

𝑘𝑟𝑜
                                                        Equation 2.18 

with 𝜇𝑤 and 𝜇𝑜 being water and oil viscosities. If 𝑀 ≤ 1 (Figure 2.25-top), means the water travels slowly 

or at equal velocity as the oil, so a stable piston-like displacement is originated and the tendency to by-

pass oil is minimized. Conversely, if 𝑀 > 1 (Figure 2.25-center), water travels faster than oil and an 

unstable front starts to form, with risk of by-passed oil. In the extreme case of 𝑀 ≫ 1 (Figure 2.25-

bottom), water travels much faster than the oil phase and creates a very unstable water front. Great 

part of the oil is by-passed and typically an early water breakthrough occurs [41].   
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Figure 2.25: Influence of mobility ratio to the fluids displacement within a reservoir. Adapted from [5]. 

As the reader had the opportunity to understand form section 2.2, fluids’ relative permeability’s 

vary with each conditions’ change and cannot be controlled. The parameters that can be altered are 𝜇𝑤 

and 𝜇𝑜, however, in practice, it would be extremely complicated to change oil viscosity. Conversely 

water viscosity can be easily optimized through the addition of polymers. Increasing the water viscosity 

will cause a decrease in the mobility ratio and thereby a stable water front. The mobility reduction can 

be quantified by the Resistance Factor (RF), expressed as: 

𝑅𝐹 =
𝑅𝑘×𝜇𝑝

𝜇𝑤
                                                   Equation 2.19 

where 𝑅𝑘 is the reduction factor, expressed as: 

𝑅𝑘 =
𝑘𝑤

𝑘𝑝
                                                     Equation 2.20 

which defines the reduction in permeability caused by the polymer addition [42]. 𝜇𝑝 and 𝑘𝑝 are the 

polymer viscosity and effective permeability, respectively. 

2.4.2 Polymers’ Rheology 

The most relevant property of polymers for EOR, and particularly for mobility reduction, is 

polymer’s viscosity, as it can be easily understood from the previous section. Opposite to water (which 

has constant viscosity, e.g., a Newtonian fluid), polymers are non-Newtonian fluids, which means that 

their viscosity changes with shear rate. Shear rate (�̇�) measures velocity gradient across the diameter 

of the channel where the fluid is flowing [43]. If a given polymer is to be used in EOR, is crucial to study 

its viscosity behavior with shear rate, because in a porous media, pores of different diameters will have 
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distinct shear rates. Whenever the polymer viscosity is not stable for the shear rate ranges of the 

reservoir, signifies the polymer is not suitable for the purpose.  

Polymers behave in one of two ways with increasing shear rate: they “thicken” or they get 

“thinner”. Polymer thickening is caused by the rearrangement of the polymeric chain and, after a 

decreasing interval, causes the viscosity to increase again at higher shear rates, like is illustrated in 

Figure 2.26-left and right. Other polymers are degraded with shear rate and as a result their viscosity 

decreases (Figure 2.26 left-normal flow curve), until it reaches a plateau (called Newtonian plateau, 

since they can be considered Newtonian fluids above that shear rate) [44]. 

  

Figure 2.26: Schematics of the change of polymer viscosity with shear rate. Adapted from [45] and [46]. 

Each reservoir has unique characteristics’, therefore polymer solutions should be optimized for 

each case. Both shear thickening and shear thinning polymers can be used for mobility reduction, as 

long as their viscosity in the �̇� ranges verified in the reservoir is stable. 

Polymers’ viscosity is also related with the polymer molecular weight, the polymer concentration, 

the temperature and the salinity. The molecular weight of a polymer is described by a distribution like 

the one shown in (Figure 2.27) because not all chains are equally polymerized (not all have the same 

number of monomers). Some chains might be a little longer and others a little shorter, resulting from 

their formation process [47]. Nevertheless, this variation is expected to have negligible influence in the 

viscosity, therefore the viscosity is assumed to increase linearly with polymer molecular weight [48]. 

That was demonstrated in a study quoted by Thomas (2016) [49] and is shown in Figure 2.28. 

 

Figure 2.27: Polymer molecular weight distribution, represented as function of polymer number of moles of 

chains against molecular weight, adapted from [37]. 
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Figure 2.28: Study of polymer viscosity in function of concentration and molecular weight for Flopaam, quoted by 

Thomas (2016) [34]. 

Viscosity increases with polymer concentration because higher concentrations signify more 

polymeric molecules in a given solution, which similarly turn the solution more viscous. The effect is 

opposite with the salinity. In low salinity waters, there are no enough cations to balance the electrostatic 

repulsion between anionic groups of the polymer chain, therefore the polymer molecules expand 

extensively, which increases the viscosity. High salinity waters, in turn, are able to deliver enough 

cations, whom migrate to the polymer inter-chain space and shield the electrostatic repulsion, which 

approximates the polymer chains and decreases the viscosity [44]. The correlations of polymer viscosity 

with concentration and salinity were experimentally measured by Aluhwal and Kalifa (2008), quoted by 

[44], and is shown in Figure 2.29. 

 

Figure 2.29: Polymer viscosity in function of concentration and salinity, adapted from [44]. 

Temperature influence in the viscosity differ for each polymer. Some polymeric structures are 

degraded at high temperatures, other are stable even at extreme temperatures. In Figure 2.30, a study 

of Leblanc et. al. (2015), quoted by [49], shows the viscosity variation with temperature for different 

polymers, where it can be observed that dissimilarity. For that reason, the reservoir temperature must 
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be considered to select the right polymer for each case. EOR polymers have been grouped according 

to their stability across the range of reservoir temperatures and salinities [50] (Figure 2.31), and 

solutions for great part of the conditions are available.  

 

Figure 2.30: Viscosity variation with temperature for thermosensitive (DP/TLB) and conventional (AN) polymers. 

‘K’ denotes brine salinity, with 130K+30K meaning 130g/L NaCl+30g/L CaCl2. From Leblanc et. al. (2015), quoted 

by [49]. 

 

Figure 2.31: EOR polymers suitable for the reservoir temperature and salinity ranges. Adapted from [50]. 

2.4.3 Surfactant-polymer flooding in carbonates 

As discussed along Chapter 2, polymers are used in EOR methods mainly to reduce the mobility 

ratio by increasing the water viscosity. Even prior surfactants implementation as EOR methods, many 

polymer projects in carbonates were carried out between, 1960s and 1990s. At the same time 

surfactants started to be implemented, and a few surfactant-polymer (SP) and alkaline-surfactant-

polymer (ASP) projects found their application in the field [23]. Nevertheless, as mentioned above, the 

surfactants incompatibilities with carbonates, namely the high surfactant adsorption, were not solved at 



 

 

33 

the time and are still being attended, hence most of the SP and ASP investigations are still in the 

laboratory stage. In the recent advances in carbonates, applications for polymers were also found as 

sacrificial agents for surfactants adsorption, as stated in the beginning of this chapter, nevertheless 

their main use continues being post flush flooding, succeeding surfactants injections.  

Olsen and Hurd (1990) [51] described the laboratory investigation regarding the implementation 

of polymer flood, alkaline-polymer flood and alkaline-surfactant-polymer flood to an oil-wet carbonate 

reservoir from Central Texas, with reservoir temperature of 42oC. In all three injection schemes the 

authors report polymer slug containing 0,12wt% of polyacrylamide, prepared in softened sea water, in 

water with 2% of Na2CO3 and in fresh water, respectively for polymer flood, alkaline-polymer flood and 

alkaline-surfactant-polymer flood. For the polymer flood alone, nearly 1,2 pore volumes (PV) 

(corresponding to 1,2 times the volume of the core) of polymer slug were injected, whereas in alkaline 

polymer flood and in alkaline-surfactant-polymer flood were injected respectively 0,4PV and 0,6PV. The 

inefficiency of polymer floods in the absence of surfactants was clear, since polymer flooding and 

alkaline polymer flooding barely affected the additional oil production, while ASP flooding promoted 

45% of additional oil recovery. Recently, Han et. al (2014) [52] studied the incremental oil recovery of 

SP flooding of carbonate core samples using higher polymer concentrations slugs. The authors 

conducted experiments at 100oC, 210bar of pore pressure and 90bar of overburden pressure, over 3,6 

to 4,6cm-long core plugs, with diameters ranging 3,7 to 3,8 cm. For the SP flooding, they used a blend 

of 0,2% surfactant + 0,2% polyacrylamide polymer and injected a slug of 0,6PV, reporting additional oil 

recovery of 18%. 
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 Material and Methods 

Two coreflooding experiments were performed in this investigation, CC-34 and CC-35b. In CC-

35b, the focus was to evaluate if formulation slug reach satisfactory additional oil recovery, evaluate 

surfactant adsorption/retention and evaluate the improvement of the formulation sweep efficiency. In 

CC-34, the focus was to evaluate the additional oil recovery through continuous formulation injection, 

evaluate the combination of low molecular weight polymer and organic additive on the surfactant 

adsorption/retention and evaluate if such combination can provide earlier breakthrough.  

Outcrop Indiana Limestone plugs were used and both experiments were conducted at reservoir 

temperature. Prior coreflooding, plug conditioning steps are required which include determination of 

absolute permeability, pore volume measurement and porosity. For oil saturation two methods were 

employed: 1) using porous plate and various oil pressures for CC-34 and 2) by direct oil injection 

(unsteady-state) into the core (CC-35b). 

Once properly conditioned, the core samples were flooded, first with synthetic seawater (referred 

as water flooding) to reproduce the primary recovery, and then with formulation followed by polymer 

drive solution (for CC-35b) or formulation + organic additive (for CC-34). Finally, SSW post flush is 

injected. Finished the coreflood, analysis of the effluents by UV-Vis spectroscopy and HPLC 

chromatography is performed. A schematic diagram of the methodology is presented in Figure 3.1. 

 

Figure 3.1: Methodology. 

In the following sections are described the material end methods necessary for the 

accomplishment of the introduced methodology.  

 

 

 

 

Indiana Limestone CC-35b 

Indiana Limestone CC-34 

1. Water flooding 

2. Formulation flooding slug 

(2.7PV) 

3. Polymer drive slug (0.4PV) 

1. Water flooding 

2. Formulation + organic 

additive flooding (continuous 

injection) 

Core samples conditioning Cores Flooding Effluents Analysis 

UV-Vis spectroscopy 

and 

HPLC chromatography 
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3.1 Fluids 

3.1.1 Brines 

In the experiments of this study four brines were used, Formation Water (FW), Formation Water 

25% (FW 25%), Synthetic Sea Water (SSW) and Synthetic Sea Water diluted (SSWd). The theoretical 

concentration of the salts of each brine are presented in Table 3.1.  

Table 3.1: Chemical composition of the brines used. 

Salt FW 
(g/L) 

FW 25% 
(g/L) 

SSW 
(g/L) 

SSW diluted 
(g/L) 

NaCl 153,5 38,4 24,9 16,2 
CaCl2·2H2O 61,1 15,3 1,7 1,1 
MgCl2·6H2O 13,1 3,3 11,1 7,2 

NaHCO3 0,5 0,13 0,2 0,1 
Na2SO4 0,4 0,10 4,1 2,6 

KCl -  0,7 0,4 

TDS 228,7 57,2 42,7 27,7 

*TDS=total dissolved solids 

Density and viscosity values of FW and SSW figure in Table 3.2. Density at room temperature 

was measured by the Analysis Department of CEPSA. Viscosity at room temperature was measured 

with a viscometer. Viscosity at 120oC was measured with the method further explained in Chapter 4. 

Table 3.2: Density and viscosities of FW and SSW. 

Property FW 
(g/L) 

SSW 
(g/L) 

Density, 𝝆 @ 24ºC (g/cm3) 1,138 1,024 

Viscosity, 𝝁 @ 24ºC (mPa.s) 1,371 0,948 

Viscosity, 𝝁 @ 120ºC (mPa.s) 0,368 0,257 

 

FW is used to saturate the core samples. It simulates the original hard water characteristic of the 

carbonate formations. SSW is used as displacing fluid for the water flooding and as solvent for the 

surfactant formulations. It has salinity similar to the salinity of seawaters, once this brine is the most 

commonly used in field applications, especially offshore. SSWd is used as solvent for the polymer drive 

solution to obey a negative salinity gradient (see section 2.4.3).  

FW is prepared dissolving the indicated above salts in tap water. FW 25% is prepared from 

dilution of FW. SSW is prepared dissolving the indicated above salts in Millipore water and SSWd is 

prepared from dilution of SSW. A sample of each prepared brine is analyzed with FRX (Fluorescence 

X-Ray) as a quality check for the theoretical concentration of each ionic specie. 

As already mentioned, there is a plugging risk associated with the injection of every fluid through 

the core samples, especially in low permeable rocks. To minimize that risk, brines are filtrated prior 

injection through vacuum filtration, using 0,22𝜇𝑚-pore size filters (Figure 3.2-left). 
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Air inside the core samples is also to be avoided because coreflooding experiments must be held 

at anaerobic condition to represent the reservoir conditions. For that reason, air from the injection fluids 

is removed prior injection through degasification. The assembly used is shown in Figure 3.2-right. The 

vessel containing the fluid is connected to vacuum with an on-off valve and a helium cap is applied. 

The fluid is kept under vacuum and strong agitation for at least 1hour, and every 20min the released 

air bubbles are removed closing the vacuum and opening the helium valve. 

  

Figure 3.2: (left) brines filtration assembly and (right) brines degassing assembly. 

3.1.2 Crude oil 

The properties of the crude oil used for both experiments are shown in Table 3.3. The viscosity 

at 120ºC was measured experimentally with the method used to measure brines viscosity at the same 

temperature (see Chapter 4).  

Table 3.3: Properties of the Crude Oil used in the coreflooding experiments. 

 
API gravity @ 
15,5ºC (ºAPI) 

Density @ 15ºC 
(g/cm3) 

Viscosity @ 50ºC 
(mPa.s) 

Viscosity @ 120ºC 
(mPa.s) 

Crude Oil 40,40 0,83 2,13 0,795 
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3.1.3 Polymer Solutions 

The general description of the polymers used in this study is shown in Table 3.4. A Low Molecular 

Weight (LMW) polymer was added to the formulation and used to evaluate ability to reduce rock 

adsorption.  

The High Molecular Weight (HMW) polymer is a kind of polymer design for maintaining viscosity 

power in high temperature application. A rheological study of this polymer was performed and it was 

used to implement a polymer drive during a cEOR process. 

Table 3.4: General description of the Polymer Solutions used in this study. 

Type MW range (g/mol) Application 

LMW Polymer 4000-5000 Lower surfactant adsorption 

HMW Polymer 3-6 million Polymer Drive 

To prepare the HMW polymer solution, the proper polymer mass for a known final volume of 

solution is weighted. The solvent, SSWd in this case, is kept under agitation enough to create a slight 

vortex and the polymer powder is gradually added to the agitating solvent. The mixture is then kept 

under agitation for at least 2 more hours, or until all the conglomerates (or fish eyes) have dissolved. If 

not immediately used, the polymer solution is stored in a fridge. 

Prior injection through a core, the polymer solution must be filtrated. To not damage the polymer 

structure, the solution is filtered through gravity, with 4-7𝜇𝑚 pore-sized filters. 

The concentration of the HMW polymer solution used as polymer drive in this study, as well as 

the viscosity values determined from the rheological study, are shown in Table 3.5. 

   

Table 3.5: Concentration and properties of the Polymer Drive Solution implemented in the cEOR process.. 

 
Concentration of HMW 

Polymer (g/L) 
Viscosity @ 50ºC 

(mPa.s) 
Viscosity @ 120ºC 

(mPa.s) 

Polymer Drive Solution 5 5,2* 1,8** 

*at 𝛾=139s-1; **at 𝛾=258s-1 

3.1.4 Formulation 

As mentioned previously, the formulation used in this investigation is a blend of a CEPSA anionic 

surfactant with carboxylate as a co-surfactant and low-molecular weight polymer. Components’ 

concentration and properties of the formulation for each experiment are given in Table 3.6. To respect 

the confidential agreement with CEPSA, the names of the components and the preparation process of 

the formulation will not be revealed. Nevertheless, it can be specified that the formulation undergone a 

series of optimization tests where the optimum salinity, at room and at reservoir temperatures, first of 

the formulation alone and then of the formulation + additives, was determined by the Petrochemistry 

Department of the Investigation Center of CEPSA. IFT measurements were also conducted by the 

Petrochemistry Department.  
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Table 3.6: Concentration and properties of the formulation. 

 
Amount 

Surfactant (%) 
Concentration 

LMW Polymer (g/L) 
Amount Organic 

Additive (%) 
IFT 

(mN/m) 
𝑭𝑹 

Formulation CC-35b 
(in SSW) 

1 2,5 - 0,0028 1,18 

Formulation CC-34 
(in SSW) 

1 2,5 0,75 0,0032 1,07 

Formulation is filtrated under pressure, with the apparatus shown in Figure 3.3. With the on-off 

valve closed, the solution is introduced into the filling system and the upper cap is sealed. The on-off 

valve is opened for an instant, just enough to allow the liquid wet the filter support. A 0,22𝜇𝑚 pore-sized 

PES filter is then fitted to the filter support and the two pieces are screwed. A collecting beaker is 

accommodated at the nylon tubing exit and the gas system is connected, applying 2bar of pressure. 

Filtration is initiated opening the on-off valve, simultaneously as a chronometer is initiated. At each 50ml 

(followed in the collecting beaker scale), a cycle in the chronometer is accounted. The chronometer is 

stopped when the entire solution is filtrated. 

A filtration ratio is calculated to evaluate whether the solution is suitable to injection or not. The 

following expression is used: 

𝐹𝑅 =
𝑇200𝑚𝑙−𝑇150𝑚𝑙

𝑇150𝑚𝑙−𝑇100𝑚𝑙
                                               Equation 3.1 

where 𝑇200𝑚𝑙 , 𝑇150𝑚𝑙 and 𝑇100𝑚𝑙 are the cumulative time, in seconds, of the filtration of 200, 150 and 

100ml, respectively. The filtration ratio should be between 1 and 1,5 for the formulation to be considered 

acceptable for injection. 

 

Figure 3.3: Schematics of the formulation filtration assembly. 
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3.2 Core Samples 

Most of the world’s carbonate reservoirs are in the Middle East and most of them are limestones. 

Limestone is a type of carbonate composed by two crystalline forms of calcium carbonate (CaCO3) –  

calcite and aragonite. To approach this investigation to petroleum reservoirs from the Middle East, the 

core samples used are outcrops from Indiana Limestones. 

Two plugs are used, CC-35b and CC-34. The characteristics of both cores are shown in Table 

3.7. To measure core dimensions, cores were first dried for 24 hours at 110ºC. Then, the diameter was 

measured using a digital caliper with uncertainty of ±0,01𝑚𝑚. Length was measured using a tape 

measure with uncertainty of ±0,05𝑚𝑚. Weigh of the samples was measured using a digital balance 

with uncertainty of ±0,01𝑔. For details about the measurement of the remaining characteristics, see 

sections 3.3.2, 3.3.6 and 3.3.7). Plug’s pictures are presented in Figure 3.4. The dimensions of the 

cores are different because distinct coreholders were used for each coreflooding experiment. 

Table 3.7: Summary of cores samples dimensions and properties. 

 CC-35b CC-34 

Diameter, 𝑑 (mm) 
25,41 37,68 

Length, 𝐿 (cm) 
30,4 13,5 

Dry Weight, 𝑊𝑑𝑟𝑦 (g) 
344,28 332,62 

Pore Volume, 𝑃𝑉 (ml) 
24,16 27,10 

Porosity, 𝜙 (%) 
15,67 17,14 

Permeability, 𝑘 (mD) 
18,36 2,19 

kro at Swi 
0,713 0,95 

 

 

 

Figure 3.4: Indiana limestone core CC-35b (top) and CC-34 (bottom). 

Through the diameter 𝑑 and length 𝐿 of the core is calculated the total volume 𝑉𝑇𝑜𝑡𝑎𝑙 of the 

sample, using the expression of the volume of a cylinder:  

𝑉𝑇𝑜𝑡𝑎𝑙 = 𝜋 (
𝑑

2
)

2
×𝐿                                                    Equation 3.2 

𝑑 and 𝐿 are also used for permeability and porosity calculations. Volume of the sample is further used 

to determine the pore volume of the samples. 
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3.3 Experimental Set-up and Core Conditioning Procedures 

3.3.1 Conditioning and Coreflooding Units 

Four measurement benches are necessary for the purpose of this study – 1) the water saturation 

unit, 2) the oil saturation unit, 3) the aging unit and 4) the coreflooding bench unit. Each unit is composed 

of an oven, injection pumps, effluents’ collection system, injection and collection circuits, measurement 

sensors and a remote station where the online data is acquired. A schematic representation of each 

unit is shown in Figure 3.7-9. 

The oven permit to adjust and maintain a constant temperature, to a maximum of 260ºC. 

Regarding pumps, two different types were used. An ISCO 100D pump (Figure 3.5-A) was used for the 

injections of less aggressive fluids, namely SSW and Formulation. A Pharmacia 500 Strata pump 

(Figure 3.5-C) was used for the injection of FW and Polymer Drive solution. 

  

Figure 3.5: Pumps and back pressure regulator. A) ISCO 100D pump; B) BPR; C) Pharmacia 500 Strata pump. 

Pumps maintain the desired pressure at the inlet of the core, whereas the pressure at the outlet 

is maintained by back pressure regulators (BPR), shown in Figure 3.5-B. 

In coreflooding and crude oil saturation units, the fluid coming out from the core should be 

measured to account the oil recovery and to calculate the oil saturation, respectively. For that reason, 

specific effluents’ collection systems are adapted to these units. Three types of collection systems were 

used in this project. For the crude oil saturation unit was used a graduate burette (Figure 3.6-A). For 

the coreflooding unit, a pressure graduate burette and an automatic sample collector (or fraction 

collector) (Figure 3.6-B and C, respectively). Fraction collector was used in the cases where further 

analysis of the effluents was required, as are the cases of Formulation and Polymer Drive injections. In 

A) B) 

C) 
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aging and water saturation units, once measuring the effluent is not of much interest, common 

laboratory vessels were used to collect the effluents. 

A) 

 

B) 

 

C) 

 

 

 

 

 

 

Figure 3.6: Fluid collection systems. A) graduated burette; B) Pressure graduated burette and C) Fraction 

collector. 

The injection circuit is the tubing system that drives the fluid from the pump until the entry of the 

coreholder, whereas the collection circuit is the tubing system that drives the fluid from the exit of the 

coreholder till the effluent collection system. The assembly of these tubing systems is usually a fixed 

component of each unit, however at the time a coreholder is set-up, changes in the configuration may 

occur to accommodate correctly the coreholder. Tubing can be metallic or Teflon. Metallic is more 

resistant and is used in most the assembly. Teflon tubing is transparent and is used in the sections 

where visual contact is preferred. 

Measuring pressure transmitters are adapted to measure differential pressure (∆P) and relative 

pressure at the inlet and at the outlet of the core. Two ∆P ranges were used, 0-620mbar and 0-2,5bar. 

Is it extremely important to prepare each coreflooding unit prior the reception of the coreholder. 

Basic requirements are clean tubing circuits and pumps to avoid contamination from previous fluids and 

test the pressure sensors. Once the coreholder is set-up, dead volumes (DV) of the assembly must be 

measured. The system under study in a coreflooding experiment is the core sample, so basically the 

only relevant volume is the volume of the core, all the remaining tubing circuits, from the injection pump 

until the entry of the core and from the exit of the core until the effluents’ collecting system, are dead 

volume, which must be known to properly treat the experiment data.  
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Figure 3.7: Water saturation unit. 

 
 

Figure 3.8: (left) Crude Oil Saturation unit and (right) Aging unit. 

 

Figure 3.9: Coreflooding unit. 
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3.3.2 Pore volume (PV) measurements 

PV is a quantification of the void space of a core sample. Two types of PV can be determined, 

the total and the dynamic PV. Total PV represents the entire void space of a core sample whereas 

dynamic PV represents the effective volume the flowing fluids travel through. Total PV and dynamic PV 

in this study were determined using four different techniques, detailed in the following sub-sections. 

3.3.2.1 Total PV measurements  

The first technique to measure total PV is with the help of an Accupyc apparatus. The image of 

Figure 3.10 shows the Accupyc container, composed of two empty chambers connected by a valve and 

confined by the lid assigned as 𝑎 in the picture. The container is connected to a remote station from 

where the actions are commanded. First, the volume of the chambers containing a calibration cylinder 

is measured with nitrogen gas, and this consists of the baseline for the test. Next, the core sample is 

introduced and the nitrogen gas is once again expanded to both divisions. The volume of the divisions 

is then measured for a second time. The apparatus register volume variations between an initial and a 

final state using the equation: 

𝑃𝑖𝑉𝑖 = 𝑃𝑓𝑉𝑓                                                          Equation 3.3 

where 𝑃𝑖 and 𝑃𝑓 are the initial and final pressures (fixed by the apparatus), 𝑉𝑖 is the volume of the 

chamber without sample and 𝑉𝑓 is the volume of the chamber with the core sample. The difference 

between the final and the initial measured volumes gives the volume of gas displaced by the sample, 

which represent the volume of solid material of the sample. This value is subtracted from the bulk 

volume 𝑉𝑏𝑢𝑙𝑘 calculated previously, and the total pore volume determined by Accupyc (𝑃𝑉𝑎𝑐𝑐𝑢𝑝𝑦𝑐) is 

obtained: 

𝑃𝑉𝑎𝑐𝑐𝑢𝑝𝑦𝑐 = 𝑉𝑏𝑢𝑙𝑘 − (𝑉𝑓 − 𝑉𝑖)                                         Equation 3.4 

 

Figure 3.10: Image of the Accupyc container. a) lid; b) container. 

a 

b 
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The second method to measure total PV is through a mass balance of the bulk water saturation 

process, e.g., the difference between the weight of the sample after water saturation (𝑊𝑠𝑎𝑡) and the 

weight of the sample before water saturation (𝑊𝑑𝑟𝑦). This difference is divided by the density of FW 

(𝜌𝐹𝑊), giving the bulk volume of water stored in the sample, that is, the bulk volume of the sample 

(𝑃𝑉𝑏𝑢𝑙𝑘): 

𝑃𝑉𝑏𝑢𝑙𝑘 =
(𝑊𝑠𝑎𝑡−𝑊𝑑𝑟𝑦)

𝜌𝐹𝑊

                                                  Equation 3.5 

An alternative method to saturate core samples is performing in-situ plug saturation. In this case, 

weight of the core sample after and before water saturation cannot be determined since the core is 

already set-up in the coreholder (for details on the method, see section 3.3.4.2). The total PV is 

determined measuring the total volume of water that entered the core sample. 

In Table 3.8 are shown the total PV’s obtained for the core samples of this study. The PV obtained 

from Accupyc measurement is usually the highest value, since within core samples gas travels easily 

than liquid, which gives it the ability to reach smaller pores. For this reason, the Accupyc value is 

normally the reference PV for core samples. In the case of this study, 𝑃𝑉𝑎𝑐𝑐𝑢𝑝𝑦𝑐  is the reference PV for 

CC-34. For CC-35b, the reference is 𝑃𝑉𝑏𝑢𝑙𝑘 since Accupyc measurement was not performed. 

Table 3.8: Total PV of the core samples of this study, obtained by two different techniques. 

 𝑷𝑽𝒂𝒄𝒄𝒖𝒑𝒚𝒄 (ml) 𝑷𝑽𝒃𝒖𝒍𝒌 (ml) 

CC-35b n/a 24,16 

CC-34 27,10 25,08 

3.3.2.2 Dynamic PV measurements 

One way to measure dynamic PV is injecting a traceable molecule (tracer) through the core 

sample. Organic molecules that can be detected at ultraviolet-visible (UV-Vis) light, with single-pulse 

spectrum at a known wavelength, must be used. A certain quantity of the molecule is injected dissolved 

in FW 25% (because the molecule is insoluble in FW), and the pulse detected by an inline UV-Vis 

detector is registered. Knowing the injection flow rate (𝑞) and registering the time (𝑡𝑑𝑒𝑙𝑎𝑦) the molecule 

took from the entry until the exit of the core (delay between the beginning and end of the pulse), the 

dynamic PV determined by tracer injection (𝑃𝑉𝑡𝑟𝑎𝑐𝑒𝑟) is calculated: 

𝑃𝑉𝑡𝑟𝑎𝑐𝑒𝑟 = 𝑞×𝑡𝑑𝑒𝑙𝑎𝑦                                              Equation 3.6 

The second method to measure dynamic PV takes advantage of the injection of FW 25%. As FW 

is injected afterwards to restore the appropriate condition prior crude oil saturation, the consequent 

change in salinity can be detected using an inline conductivity cell. The similar calculation as in 𝑃𝑉𝑡𝑟𝑎𝑐𝑒𝑟 

is used to calculate 𝑃𝑉𝑐𝑜𝑛𝑑𝑢𝑐𝑡𝑖𝑣𝑖𝑡𝑦, with the difference that 𝑡𝑑𝑒𝑙𝑎𝑦 in this case is the time it took to the 

reversal of 50% to the conductivity. 

𝑃𝑉𝑐𝑜𝑛𝑑𝑢𝑐𝑡𝑖𝑣𝑖𝑡𝑦 = 𝑞×𝑡𝑑𝑒𝑙𝑎𝑦,𝑐𝑜𝑛𝑑.                                       Equation 3.7 
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In Table 3.9 are shown the dynamic PV’s obtained for the core samples of this study. CC-35b 

was saturated directly with FW, thus 𝑃𝑉𝑐𝑜𝑛𝑑𝑢𝑐𝑡𝑖𝑣𝑖𝑡𝑦 was not determined and 𝑃𝑉𝑡𝑟𝑎𝑐𝑒𝑟 was performed 

using a different tracer molecule, soluble in FW.  

Table 3.9: Dynamic PV of the core samples of this study, obtained by two different techniques. 

 𝑷𝑽𝒕𝒓𝒂𝒄𝒆𝒓 (ml) 𝑷𝑽𝒄𝒐𝒏𝒅𝒖𝒄𝒕𝒊𝒗𝒊𝒕𝒚 (ml) 

CC-35b 21,0 n/a 

CC-34 24,35 24,49 

As a quality check, total PV values (Table 3.8) should be higher or at least similar to dynamic PV 

values. When that is not verified, might signify heterogeneous distribution of the porous media or errors 

in the tests performance. In any case, such occurrence should warn to at least double check the 

measurements. 

3.3.3 Coreholder assembly 

The installation of a core sample in a coreholder is a very delicate process. Figure 3.11 shows a 

picture of the parts that constitute a coreholder. The picture is only representative, because the cores 

from this investigation are larger than the one shown in the figure below, and consequently the 

coreholder has different dimensions.  

First, the core is introduced into the sleeve (Figure 3.11-F). Then sleeve and core are introduced 

into the coreholder body (Figure 3.11-D) and are centered matching the empty spaces of each side of 

the coreholder body. Next, the endings (Figure 3.11-B1 and B2) are introduced into the corresponding 

head (Figure 3.11-C1 and C2) and are carefully screwed on each side of the coreholder body. The core 

may not be perfectly centered so attention is needed in this step to not damage the core. 

 

Figure 3.11: Image of a coreholder. A1-inlet valve; A2-outlet valve; B1-ending inlet; B2-ending outlet; C1-inlet head; 

C2-outlet head; D-coreholder body; E-confining pressure valves; F-sleeve; G-core sample. 

After the correct placement of the pieces, the overburden pressure is set up. For that, paraffinic 

oil is injected through one of the confining pressure valves (Figure 3.11-E) into the annular space (space 

between the coreholder body and the sleeve), until it starts to drain out from the other confining pressure 

valve – sign that the annular space is full. Is very important to keep the inlet and outlet valves open 

A1 
B1 

C1 A2 B2 
C2 

G 

F 
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during the refill in order to detect paraffin invasions into the core. The purpose of the sleeve is to protect 

and maintain the core from contact with the paraffinic oil. If an invasion happens, is probably due to 

misalignments between sleeve and endings or damaged joints, which has no other solution than re-

open the entire coreholder to set the pieces correctly or replace the damaged joints if it is the case. 

Coreholders are opened also in other situations, like to change core samples, or at the end of a given 

coreflooding experiment, to clean and dry the used core sample and restart the conditioning process of 

new samples.   

3.3.4 Water Saturation  

Two water saturation techniques were used in this study, bulk water saturation (in CC-34) and 

in-situ plug saturation (in CC-35b). Additionally, dynamic water saturation was performed to ensure 

100% saturation. The techniques are described in the following sub-sections.  

3.3.4.1 Bulk Water Saturation  

A vessel like the one shown in Figure 3.12 is used. The vessel has two valves, one for vacuum 

and another for the saturation fluid, FW 25% in this case. The core sample is introduced within the 

vessel and is submitted to vacuum for 2 hours. Next, the saturation fluid valve is opened and FW 25% 

(previously filtrated and degassed) is allowed to enter the vessel and submerge the sample. 2 more 

hours is the time necessary to saturate the core.  

 

Figure 3.12: Vessel for bulk water saturation of core samples. 
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3.3.4.2 In-situ plug saturation 

An alternative way for saturation of core samples is performing in-situ plug saturation. For the 

purpose, in an assembled coreholder, the inlet is connected to a flask containing the saturation fluid 

and the outlet is connected to a vacuum pump. Inlet valve is closed, outlet valve is opened and the core 

is allowed to reach ultra-low vacuum conditions (approximately 2,8×10−1) for about an hour or until the 

vacuum is stable. Then, vacuum is closed (closing the outlet valve) and opening the inlet valve, the 

saturation fluid starts flowing into the core due to the suction effect. The force of suction decreases with 

time, so repeated cycles of short vacuum intervals are made closing the inlet and reopening the outlet 

valve. The process takes up to 1 hour and is finished when the weight of the flask containing the 

saturation fluid is stable (the flask is weighted at the beginning and along the process), e.g. no more 

saturation fluid is entering in the core. 

3.3.4.3 Dynamic Water Saturation 

Dynamic saturation is performed in the water saturation unit, Figure 3.13. The assembled 

coreholder is placed vertically in the oven, the inlet is connected to a Pharmacia pump with the 

saturation fluid and the outlet is connected to a fluids collection flask. Incremental flow rates between 

2ml/h and 10ml/h are injected for 2 to 3 days. 

 

Figure 3.13: Water saturation rig. a-water saturation oven; b-Pharmacia pump. 

3.3.5 Compressibility Test 

This test is a quality check parameter to ensure air is not getting trapped within the core sample 

after brine saturation. For the purpose, brine is injected into the core sample and, if air is not present, 

the brine volume should be equal to the PV previously determined. A quick indicator to verify that is the 

a 
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time necessary to reach 10bar. For the conditions of this study, less than 60seconds is considered 

acceptable. 

3.3.6 Permeability to water 

Rock permeability to water is measured in the water saturation measurement bench, by the 

application of Darcy Law (Equation 3.8). 

𝑘(𝑚𝐷) =
𝜇(𝑐𝑃) × 𝐿(𝑐𝑚) × 𝑄(𝑚𝑙 ℎ⁄ )

𝑆(𝑐𝑚2) × Δ𝑃(𝑏𝑎𝑟)
×1013                                 Equation 3.8 

Water viscosity (𝜇), length of the core (𝐿) and cross section area of the core (𝑆) are known, therefore 

injecting water at a certain flow rate (𝑄) and registering differential pressure (∆𝑃), allows the calculation 

of water permeability. The permeability is calculated at several flow rates. Stable ∆𝑃 at each flow rate 

is registered and a linear regression of ∆𝑃 vs. 𝑄 is plotted to calculate the correct permeability value.  

Water permeability of CC-35b was determined at reservoir temperature. Water permeability of 

CC-34 was determined at both room and reservoir temperatures (Table 3.10). 

Table 3.10: Water permeability’s of the core samples of this study, at room and reservoir temperatures. 

 𝒌𝒘 @ 25oC (mD) 𝒌𝒘 @ 120oC (mD) 

CC-35b n/a 18,36 

CC-34 2,44 2,19 

3.3.7 Oil saturation 

3.3.7.1 Ceramic Disc 

Oil saturation with ceramic disc was performed for CC-34. A ceramic disc (also called porous 

plate) is a thin porous ceramic plate with the same diameter as the core. It is used for oil saturation 

because is permeable to water and impermeable to oil, which permits the water from the core to be 

drained out freely while the oil is retained and the core is being saturated.  

For the installation of the ceramic disc after the saturation with water, the coreholder is opened 

and the ceramic disc is placed at the exit of the core before the outlet ending. Then the coreholder is 

assembled back with the same cautions described previously in the coreholder assembly section. The 

assembled coreholder is transferred to the oil saturation unit, where the coreholder inlet is connected 

to a container of Crude Oil and the outlet is connected to a graduate burette partially filled with water. 

The crude oil saturation is initiated applying pressure on the top of the Crude Oil container. The water 

production is controlled in the burette.  

Low pressure is initially applied (0,5bar). When the water production is stable (no variations in 

the level of the burette), the pressure is raised to 1bar. More water should be produced with the pressure 

increase. When new stabilization on the water production is verified, the pressure is raised to 2,5bar. 

The procedure is repeated with three more pressure stages, at 5bar, 7,5bar and 10bar.  
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The core is initially assumed to be 100% saturated with water. Thus, at the end of the oil 

saturation, the total volume of water produced (𝑉𝑤,𝑡𝑜𝑡𝑎𝑙) relative to the total PV (Accupyc or bulk) of the 

core, gives the water saturation (𝑆𝑤) at the end of the procedure: 

𝑆𝑤 =
𝑃𝑉−𝑉𝑤,𝑡𝑜𝑡𝑎𝑙

𝑃𝑉
                                                  Equation 3.9 

And as 𝑆𝑤 + 𝑆𝑜 = 1, the oil saturation is then calculated: 

𝑆𝑜 = 1 − 𝑆𝑤                                                     Equation 3.10 

3.3.7.2 Dynamic Oil Saturation 

This procedure was used for CC-35b. Dynamic oil saturation is performed directly in the 

coreflooding measurement bench, without ceramic disc. The assembled coreholder is set-up in the 

measurement bench, the inlet is connected to an ISCO pump linked to a pressure cylinder containing 

Crude Oil and the outlet is connected to a pressure graduate burette. Incremental flow rates are 

injected, starting with 2ml/h and increasing proportionally up to 20ml/h every time the water production 

at the applied flow rate stabilizes. At the end of the process total volume of water produced is registered 

and oil saturation is determined using Equations 3.9 and 3.10.  

3.3.8 Aging     

Hydrocarbons spend million years in the reservoir rocks, which affect the rock wettability. To 

simulate this conditions at the laboratory, core samples are submitted to aging. The process consists 

in maintaining the core at reservoir pressure and temperature (10bar and 120ºC) with a small flow rate, 

for at least two weeks. During aging, oil permeability at 120oC (𝑘𝑜,120º𝐶) is measured. The procedure is 

identical to the procedure used to measure water permeability (section 3.3.6). At the end of aging 

process, relative oil permeability at irreducible water saturation (𝑘𝑟𝑜 at Swi) is determined by:  

𝑘𝑟𝑜𝑎𝑡 Swi =
𝑘𝑜,120º𝐶(𝑚𝐷)

𝑘𝐹𝑊,120º𝐶(𝑚𝐷)
                                                 Equation 3.11 

where 𝑘𝐹𝑊,120º𝐶 is FW permeability at 120oC, measured previously and defined as the reference 

permeability of the experiment. 𝑆𝑤𝑖 and respective 𝑘𝑟𝑜 at 𝑆𝑤𝑖 for both core samples are shown in Table 

3.11. 

Table 3.11: 𝑆𝑤𝑖 and 𝑘𝑟𝑜 at 𝑆𝑤𝑖 obtained after oil saturation of the core samples. 

 𝑺𝒘𝒊 𝒌𝒓𝒐 @ 𝑺𝒘𝒊 

CC-35b 0,615 0,713  

CC-34 0,399 0,950 
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3.4 Coreflood Procedure 

3.4.1 Injection scheme 

Figure 3.14 shows the schematics of a coreflood injection scheme.  

 

Figure 3.14: Schematics of the coreflood injection scheme.  

Waterflooding is the continuous injection of SSW through the core sample. Is the first step of the 

coreflooding sequence, therefore it represents the primary oil recovery.  

cEOR flooding is the continuous injection of a chemically optimized solution through the core 

sample, in order to recover additional hydrocarbons after waterflooding. In this study, an optimized 

formulation of anionic surfactant with carboxylate as a co-surfactant and low-molecular weight polymer 

was injected. A polymer drive solution of a high-molecular weight polymer was also injected in CC-35b.  

Post flush is the continuous injection of SSW after the cEOR flooding. This step aims to remove 

the formulation and polymer solutions from the core sample. 

3.4.2 Effluent analysis 

3.4.2.1 UV-Vis spectroscopy 

The effluent vials from the cEOR flooding are analyzed with UV-Vis (Ultraviolet-Visible) 

absorption spectroscopy to determine the surfactant adsorption/retention. The UV-Vis 

spectrophotometer used is shown in Figure 3.15-left. The equipment measures the amount of UV-Vis 

light that is absorbed by the sample under analysis. The working mechanism is schematically 

represented in Figure 3.15-right. The greater the concentration of the sample (more dissolved particles), 

the greater the absorbed light.  

A tracer is added to the formulation. Tracers are non-interacting molecules that travel on the 

water phase, whereas surfactant molecules interact with rock and hydrocarbons and are delayed. Thus, 

the surfactant adsorption/retention is calculated based on the delay between the breakthrough of the 

tracer and the breakthrough of the formulation. Both are visible at UV-Vis spectroscopy, at different 

wavelength, therefore plotting normalized tracer and formulation responses vs. PV gives the pore 

volume of adsorbed/retained surfactant: 

1. Water Flooding

2. cEOR flooding

3. Post flush
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𝑃𝑉𝑑𝑒𝑙𝑎𝑦 𝑈𝑉−𝑉𝑖𝑠 = 𝑃𝑉𝑠𝑢𝑟𝑓 𝑈𝑉−𝑉𝑖𝑠 − 𝑃𝑉𝑡𝑟𝑎𝑐𝑒𝑟                                Equation 3.12 

with 𝑃𝑉𝑠𝑢𝑟𝑓 𝑈𝑉−𝑉𝑖𝑠 being the PV at which is detected 50% of the formulation breakthrough and 𝑃𝑉𝑡𝑟𝑎𝑐𝑒𝑟 

being the PV at which is detected 50% of the tracer breakthrough. The tracer and formulation UV-Vis 

responses for CC-35b and CC-34 are shown in Annex A and Annex B. As the PV of the core and the 

initial surfactant concentration 𝐶𝑠𝑢𝑟𝑓 𝑖 are known, the volume is transformed in mass of 

adsorbed/retained surfactant, 𝑚𝑠𝑢𝑟𝑓, by: 

𝑚𝑠𝑢𝑟𝑓(𝑚𝑔) = 𝐶𝑠𝑢𝑟𝑓 𝑖(𝑚𝑔 𝐿⁄ ) × [𝑃𝑉𝑑𝑒𝑙𝑎𝑦 𝑈𝑉−𝑉𝑖𝑠×𝑃𝑉𝑐𝑜𝑟𝑒  ](𝐿)                      Equation 3.13 

Hence, the adsorption/retention Γ, expressed in milligrams of surfactant per grams of rock, is 

determined dividing the mass of adsorbed/retained surfactant by the total dry mass of the core: 

Γ𝑠𝑢𝑟𝑓 𝑈𝑉−𝑉𝑖𝑠(
𝑚𝑔𝑠𝑢𝑟𝑓
𝑔𝑟𝑜𝑐𝑘

) =
𝑚𝑠𝑢𝑟𝑓(𝑚𝑔)

𝑚𝑟𝑜𝑐𝑘(𝑔)
                                        Equation 3.14 

 

 

Figure 3.15: (left) UV-Vis spectrophotometer used in the study and (right) working mechanism of UV-Vis technique. 

P0 is incident light; P is detected light and b is length of cuvette. Source: [53]  

3.4.2.2 HPLC analysis of effluents 

The quantification of surfactant with UV-Vis spectroscopy might be biased by the presence of a 

variety of compounds from the rock and crude oil, therefore a more accurate test is performed, 

submitting a sample from the target vials to HPLC (High-Performance Liquid Chromatography). The 

equipment used is shown in Figure 3.16-A. HPLC works on the basis of common chromatography 

columns, with the advantage that is way more precise. The sample (mobile phase) is injected at the top 

of the HPLC column (stationary phase), Figure 3.16-C. As the mobile phase travels down the column, 

each compound oh the sample is retained at a different height, due to the distinct affinity of each 

compound to the stationary phase. Hence, surfactant concentration in the effluents can be precisely 

quantified. The general scheme of the analysis process is shown in Figure 3.16-B.  

The results from this technique are normalized and compared to the results from UV-Vis 

spectroscopy. Ideally, they should be similar. However, as stated before, UV-Vis spectroscopy result 

can be biased, so in the case of disparity, HPLC values are taken as reference.  



 

 

52 

The adsorption Γ𝑠𝑢𝑟𝑓 𝐻𝑃𝐿𝐶 is calculated by first replacing, in Equation 3.12, 𝑃𝑉𝑠𝑢𝑟𝑓 𝑈𝑉−𝑉𝑖𝑠 by 

𝑃𝑉𝑠𝑢𝑟𝑓 𝐻𝑃𝐿𝐶, which gives the pore volume variation from HPLC (𝑃𝑉𝑑𝑒𝑙𝑎𝑦 𝐻𝑃𝐿𝐶): 

𝑃𝑉𝑑𝑒𝑙𝑎𝑦 𝐻𝑃𝐿𝐶 = 𝑉𝑠𝑢𝑟𝑓 𝐻𝑃𝐿𝐶 − 𝑉𝑡𝑟𝑎𝑐𝑒𝑟                                Equation 3.15 

and then by using Equations 3.13 and 3.14. 

 

 

Figure 3.16: A) HPL chromatograph used; B) schematics of HPLC analysis process and C) working mechanism 

of the technique. Source: [54]. 
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 Results and Discussion 

4.1 Polymer Rheological Study 

As explained in Chapter 2, a stable advancing front is obtained when 𝑀 < 1, for which is 

necessary to increase the water phase viscosity. In coreflood CC-35b of this investigation, water 

viscosity was increased using a high-molecular weight polymer. A slug of this polymer solution was 

injected after the formulation as a polymer drive. However, as polymer viscosity varies with shear rate, 

temperature, concentration and salinity, the viscosity of the polymer solution was first studied in function 

of these parameters, in order to adapt it to the conditions of the coreflooding experiment. 

4.1.1 Viscosity measurement at 50ºC 

Polymer viscosity measurements at 50ºC were made using a Discovery Hybrid Rheometer 2 

(DHR-2), Figure 4.1. The main constituent of the apparatus is the geometry (Figure 4.1-a). Viscosity of 

different types of solutions can be measured fitting different geometries. The apparatus is connected to 

one hydraulic bath (not visible in the picture) for temperature control, and to a remote station from where 

the commands are given. As it can be observed from the figure below, the sample container (Figure 

4.1-b) is uncovered, so when samples reach ebullition point, evaporation of the sample occurs, which 

compromises the measurement. For that reason, the maximum temperature without sample 

evaporation (maximum allowed temperature) must be first evaluated. In the case of the polymer solution 

studied in this investigation, maximum allowed temperature was 50oC.  

 

Figure 4.1: DHR-2 used for the polymer viscosity measurements at 50ºC. a) geometry and b) sample container. 

a 

b 
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Into the rock, the shear rate induced by each flow rate is distinct. Hence, the aim of these 

measurements is to correlate the polymer viscosity with concentration for various shear rates. For that, 

four steps were defined for the measurement procedure: 

➢ 240 seconds at 30ºC and 7s-1  

➢ Temperature ramp up from 30ºC to 50ºC, at 1s-1  

➢ Shear rate ramp from 1s-1 to 1000s-1, at 50ºC 

➢ Temperature ramp down from 50ºC to 30ºC, at 7s-1 

The first step gives a reference viscosity value at constant shear rate and 30ºC, as a quality 

check parameter. The second step is merely to ensure 50ºC were reached and viscosity remains stable. 

The third step is the relevant one, from which viscosity is obtained as function of shear rate, at 50ºC. 

The forth step is a measurement repeating the initial conditions, made as a quality check parameter, to 

evaluate if the solution returns to the same state (thixotropy), or on the contrary, was damaged during 

the temperature elevation.      

4.1.2 Viscosity Measurement at Reservoir Temperature and Pressure 

With the DHR-2 apparatus, viscosity at maximum 50oC can be determined, moreover pressure 

cannot be applied. In the coreflooding experiments of this study, higher temperatures and pressures 

are applied, so a way to determine viscosity for these conditions is also necessary. A cheap and easy 

way to measure viscosity at high temperatures and pressures is by the practical application of the 

Poiseuille’s Law: 

𝜇(𝑃𝑎. 𝑠)  =
𝜋 × ∆𝑃(𝑃𝑎)× 𝑟4(𝑚)

8 ×𝑄(𝑚3 𝑠⁄ ) × 𝐿(𝑚) 
                                           Equation 4.1 

To do that, a capillary tube with known length and radius was installed in one of the coreflooding 

units (Figure 4.2). Temperature was set to 120ºC, and the polymer solution was injected at 10bar 

through the capillary tube. The resulting differential pressure was registered and the polymer viscosity 

at 120oC and at the shear rate induced by the applied flow rate was calculated. To obtain the viscosity 

at distinct shear rates, the procedure was repeated for several flow rates. 

Poiseuille’s Law is valid only for laminar flow. The type of flow within the capillary tube can be 

determined calculating the Reynold Number 𝑅, through the following expression: 

𝑅 =
𝑢(𝑚/𝑠)×𝐿(𝑚)

𝑣(𝑚2/𝑠) 
                                                Equation 4.2 

where 𝑢 is the velocity based in cross section, 𝐿 is the capillary tube length and 𝑣 is the kinetic viscosity 

(𝑣 =
𝜇

𝜌
). For 𝑅 < 1000 laminar flow is present. For 1000 < 𝑅 < 2000 transient flow is present and for 

𝑅 > 2000 turbulent flow dominates in the capillary tube. Hence, for every applied flow rate, 𝑅 was 

calculated to validate the application of the Law.      

With the same assembly, the viscosities of the other relevant fluids (FW, SSW and Crude Oil) for 

the coreflooding experiments were also measured. 
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Figure 4.2: Assembly adapted for viscosity measurements at reservoir temperature and pressure. 

4.1.3 Polymer Viscosity vs. Concentration 

A rule of thumb regarding polymers’ injection is that the viscosity of the polymer drive solution 

must be three times the viscosity of the crude oil. The viscosity of the crude oil of this study was 

measured experimentally at 120ºC, using the method explained above, and the obtained value was 

0,795𝑚𝑃𝑎. 𝑠. Therefore, the target viscosity for the polymer drive solution of this study is:  

𝜇𝑡𝑎𝑟𝑔𝑒𝑡 = 3×0,795 ≈ 2,4 𝑚𝑃𝑎. 𝑠 

Polymer rheological studies use relative viscosity to brine. Brine viscosity (SSW), which was also 

experimentally measured at 120ºC, is 0,26𝑚𝑃𝑎. 𝑠. Thus, the target relative viscosity for the polymer 

drive solution is: 

𝜇𝑟 𝑡𝑎𝑟𝑔𝑒𝑡 =
2,4 𝑚𝑃𝑎. 𝑠

0,26 𝑚𝑃𝑎. 𝑠
≈ 10 

According to Tay and Wartenberg (2015) [34] a negative salinity gradient is favorable to the 

surfactant actuation. Hence, as the polymer slug is injected after the surfactant formulation, it will be 

prepared at lower salinity compared to the formulation salinity. The salinity decrease should be between 

60% and 70% to produce the best results according to Tay and Wartenberg [34]. The salinity of the 

formulation (prepared in SSW) is TDS=42g/L, hence, assuming an average salinity decrease of 65%, 

the target salinity for the polymer drive solution is: 

42×0,65 ≈ 27𝑔/𝐿  𝑇𝐷𝑆 

With this two parameters in mind, a survey was made to determine what polymer concentration 

is needed to obtain the target relative viscosity of 10 at the target salinity of 27g/L. For the purpose, four 

polymer dilutions ranging from 2,5g/L to 10g/L at 27g/L salinity were prepared and their viscosities were 

measured with a DHR-2 rheometer, at 50ºC. Additionally, polymer dilutions ranging from 0,25g/L to 

14g/L in three other salinities (SSW 1/10, SSW and FW) were also prepared and tested. The obtained 

viscosity values were divided by the viscosity of the brine in which the solution was prepared, to 
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calculate the relative viscosity. Shear rate of 100s-1 was selected to represent the correlation of relative 

polymer viscosity as function of polymer concentration (Figure 4.3).  

 

Figure 4.3: Relative polymer viscosity to brine in function of polymer concentration for four salinities, at 50ºC and 

shear rate of 100s-1. 

Red, orange, green and blue curves represent the viscosity in function of concentration for SSW 

1/10, target salinity, SSW and FW, respectively. It can be verified that the behavior of the curves 

obtained is similar to the characteristic behavior shown previously in Chapter 2 (Figure 2.29). Note also 

that, for same polymer concentration, the viscosity increases as the salinity decrease. The tendency is 

clear for big salinity differences, namely between FW and SSW, between SSW and SSW1/10 or 

between FW and SSW 1/10, whereas for smaller salinity difference, like is the case between SSW and 

SSW Target, the viscosity increase is less eminent.  

The dashed black line in the graph of Figure 4.3 represents the target relative viscosity calculated 

above. Thus, the target polymer concentration is the concentration at the interception point between 

the dashed line and the Target Salinity curve, which is approximately 5,5g/L. In other words, the polymer 

drive slug must be a solution of 5,5g/L of polymer in SSW at 27g/L TDS. An approximate concentration 

of 5g/L is selected to eliminate uncertainties in the preparation of the solution. 

4.1.4 Polymer Viscosity vs. Temperature 

It was explained in Chapter 2 that polymer viscosity can be degraded at high temperatures. To 

evaluate whether the polymer used in this study suffers degradation at the reservoir temperature, the 

viscosity of the target polymer solution was measures at 120oC. Comparing viscosity obtained at 120oC 

with the viscosity previously determined at 50oC, one can have an idea if the polymer viscosity is 

maintained. 
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For the measurement at 120oC, the method described in section 4.1.2 was used. Flow rates 

ranging from 1ml/h to 200ml/h were applied. The correspondent relative viscosities and induced shear 

rates, for each applied flow rate, are shown in Table 4.1. Due to incoherencies of the pressure 

transmitters, the readings at flow rates below 12ml/h were unstable and the relative viscosity estimated 

for those flow rates is not trustful. 

Table 4.1: Results from the viscosity measurement of the target polymer solution of 5g/L in SSW 27g/L TDS, at 

120ºC. 

Flow Rate 

(ml/h) 

Shear Rate 

(s-1) 

Relative 

Viscosity 

 

1 21,52 8,3 

Unstable 
2 43,04 6,6 

3 64,56 6,8 

6 129,11 7,0 

12 258,2 6,9 

Stable 

24 516,46 6,8 

50 1075,96 6,4 

100 2151,91 6,0 

200 4303,83 6,0 

Since polymer viscosity is sensitive to shear rate, to compare polymer viscosities at different 

temperatures, measurements at approximately the same shear rates must be compared. In Table 4.2 

were selected comparable shear rates from the two temperatures measurements, and the 

correspondent relative viscosity for each is indicated. A simple calculation of the viscosity loss in each 

case was made and is also indicated. 

Table 4.2: Selected shear rates and respective relative viscosities at the two analyzed temperatures. 

Shear Rate @ 50oC 

(s-1) 

Shear Rate @ 120oC 

(s-1) 
𝜇𝑟 @ 50oC 𝜇𝑟 @ 120oC Viscosity loss 

268,3 258,2 8,23 6,9 16% 

517,9 516,5 7,65 6,8 11% 

1000 1076,0 11,53 6,4 45% 

For the compared shear rates, an average appreciation of the relative viscosity loss cannot be 

made because the viscosity loss varies considerably for each case. That could be due to the increasing 

shear rate, but it’s hard to be sure due to the scarce data. Moreover, the temperature impact on water 

can be distinct from the temperature impact on polymer, and that is not being considered with this 

approach. The correct method to measure polymer solutions’ stability at a given temperature consists 

in 1) measure the solution viscosity at a lower temperature, 2) measure the solution viscosity at the 

target temperature and 3) keep the solution at the target temperature and under anaerobic conditions 

for several days, after that measure again the solution viscosity. That three steps enable to verify if the 
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polymer solution returned to the same state after the temperature elevation. Such method was not 

performed in the current study. Here, a simplistic approach was used and the eminent fact is that the 

relative viscosity of the solution decreases in some extent at the reservoir temperature, yet is not totally 

lost. For deeper understanding regarding the reasons that cause the relative viscosity decrease, further 

investigation in the thematic is needed, for instance employment of the polymer solution stability test.  

4.1.5 Polymer Viscosity vs. Shear Rate 

The relative polymer viscosity dependence with shear rate was also investigated, to determine 

whether the relative viscosity of the polymer slug to be used in coreflooding CC-35b is stable at the 

shear rates experienced during the injection through the core sample. For that, the relative viscosity of 

four polymer solutions at the target salinity and at 50ºC was measured in a range between 1s-1 and 

1000s-1, and the results obtained are shown in Figure 4.4. The measurement of the target polymer drive 

solution at 120ºC was also coupled to the same graph, to illustrate the extent of viscosity loss with 

temperature verified in the previous section. That is visible comparing the red and orange curves of 

Figure 4.4, correspondent to the polymer concentration of 5g/L, at 50ºC and 120ºC, respectively. From 

Figure 4.4 is also visible that the relative viscosity increases with increasing concentration, which is 

consistent with the positive correlation obtained previously in Figure 4.3. 

The shear rates developed within the core sample are more complex to determine since they 

depend on the pore matrix and the fluids’ saturation. The polymer slug will be injected at 3ml/h so, for 

simplicity, it is assumed that the corresponding shear rate for flow rate of 3ml/h is the same as the one 

experienced in the capillary. From Table 4.1, the shear rate in the capillary tube, at 3ml/h, was 32s-1. 

Observing Figure 4.4 is verified that the relative viscosity for the entire range of shear rates investigated 

is fairly constant for concentrations up to 5g/L. That means the polymer is robust and does not lose its 

structure even at higher shear rates. Thus, even if higher that the expected 32s-1 are developed within 

the core sample during the polymer injection, the solution will not lose its ability to control the mobility. 

With increasing polymer concentration, namely for concentrations of 6,5g/L and 10g/L, the solutions 

begin to show signs of shear thinning behavior, yet is not problematic since that concentrations are 

above the target concentration and will not be used. The nature of the polymer cannot be clarified, since 

the range of shear rates investigated is not enough to determine whether this polymer is shear thinning 

or shear thickening. 
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Figure 4.4: Relative viscosity to brine in function of shear rate for polymer solutions at four concentrations 

measured at 50ºC and for the target polymer solution measured at 120ºC. 

4.2 Coreflood CC-35b 

The objectives for coreflood CC-35b are to evaluate if formulation slug reaches satisfactory 

additional oil recovery, evaluate surfactant adsorption and evaluate the improvement of the formulation 

sweep efficiency by the polymer drive. 

An outcrop Indiana Limestone plug was used and the main features from the plug condition steps 

are summarized in the table below.   

Table 4.3: Summary of the main features obtained in the plug conditioning steps for CC-35b. 

Rock type 𝑃𝑉𝑏𝑢𝑙𝑘 (ml) 𝜙 (%) 𝑘𝑤 (mD) Swi kro at Swi 

Outcrop Indiana 
Limestone 24,16 15,67 18,36 0,615 0,713 

The injection sequence of this corelfood was:  

• SSW for 3PV  

• Formulation slug for ≈3PV  

• Polymer Drive slug for 0,4PV  

• SSW post-flush for ≈2PV  

The results from the flooding over core sample CC-35b, at 120ºC and pore pressure of 10bar, 

are shown in Figure 4.5.  
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Figure 4.5: Cumulative Oil Recovery and Differential Pressure (DP) profiles for each flooding step of Experiment 

CC-35b. 

The total oil recovery achieved in this experiment was 75,8%, from which 29% were produced 

during water flooding and the remaining 46,8% during cEOR flooding. This incremental oil recovery is 

way above the stipulated criteria (>20%), which is very stimulating, but the causes cannot be attributed 

to formulation flooding only. Lowering the IFT between oil and water contributed to mobilize more oil 

(since the water flood alone was not able to produce the total oil recovered), but the core sample used 

here was not aged, so the hydrocarbons within the core were very mobile, and consequently easier to 

displace. Moreover, the polymer drive slug might also have contributed, since during polymer drive 

injection the oil recovery kept increasing. Whether the oil produced during the polymer drive slug and 

part of the post flush was a result of the polymer slug or consequence of the oil mobilized during 

formulation injection that had no sufficient time to exit the core at that time, remains unclear. cEOR 

flood caused additional oil production for a total of 3,7PV and according to the explained above, the 

combination of the three mentioned factors must be the reason to the high additional oil recovery. 

  In water flood, oil production happened early in the first 0,5PV showing water-wet profile, which 

is normal since the core was not aged. In oil-wet cores, oil is produced little by little. In cEOR flood, oil 

production appears at 0,9PV of formulation injection, but in fact it was observed earlier, at 0,4PV of 

formulation injection (delay is due to DV). Early breakthrough might signify a fast acting surfactant, 

however in this case the parameter is rather cause by the great oil mobility. 

The main purpose of the polymer drive injection was to increase the water phase viscosity. During 

the polymer drive injection, a sharp increase of the DP is verified, and as DP and viscosity are 

proportional, that means the polymer solution injected has higher viscosity. Thus, the HMW polymer 

used was able to increase the water phase viscosity even at reservoir conditions.  
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From the DP profile of the formulation, it can be observed that two moments of DP increase 

happen during the formulation injection. Each moment is coincident with oil production, which suggests 

that there might be two different mechanisms that trigger additional oil recovery. Another feasible 

explanation is the existence of double porosity. Heterogeneous pore distributions are not unusual in 

carbonate rocks, and if this is the case, mercury injection can help to clarify the question.  

To evaluate the wettability conditions, the diagram of relative oil (𝑘𝑟𝑜) and water (𝑘𝑟𝑤) 

permeability curves in function of water saturation 𝑆𝑤 was constructed (Figure 4.6). The dots in the 

graph represent the measured initial and final conditions, whereas the dashed curves are estimations 

calculated with the Corey correlation, using oil and water exponents of 4. 

 

Figure 4.6: Relative oil and water permeability in function of water saturation for coreflooding CC-35b. 

The brown curve in Figure 4.6 is respective to the core saturation with crude oil. The oil saturation 

begins assuming the core is 100% saturated with FW, 𝑆𝑤 = 1. Unsteady state method was used to 

saturate the core with oil, so relative permeability during the saturation process cannot be determined. 

Only the end-point can be determined. In this case, 𝑆𝑤𝑖 = 0,615, and 𝑘𝑟𝑜𝑎𝑡 𝑆𝑤𝑖 = 0,713 were achieved. 

Lower 𝑆𝑤𝑖 values are usually expected. The high value verified results from the fact that the core sample 

was saturated in dynamic (without porous plate), injecting crude oil at incremental flow rates. The 

dashed brown curve is the Corey correlation. The curvature of the estimation depends highly on the oil 

exponent choice. The important thing is to keep in mind is that the originated profile is just one of 

innumerous possibilities.    

The blue curve represents the water flood. Similarly, only the end-point can be determined, which 

in this case was 𝑆𝑟𝑜𝑤 = 0,727 and 𝑘𝑟𝑤  𝑎𝑡 𝑆𝑟𝑜𝑤 = 0,044. 29% of OOIP was produced during water flood, 
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hence the relative permeability to water increase was small. With the subsequent cEOR flood, additional 

47% of OOIP were produced, what increases the water saturation and causes the water relative 

permeability to also increase. 𝑘𝑟𝑤 at the end of formulation and polymer drive injection cannot be 

calculate because DP profiles are not stable (Figure 4.5) and because the viscosity of what is inside 

the core at that moment is unknown. At the end of the SSW post flush the DP is stable and viscosity of 

SSW is known, hence 𝑘𝑟𝑤 can be calculated, and in this case is 𝑘𝑟𝑤 = 0,249 at  𝑆𝑤 = 0,907. Compared 

to the end-point of water flood, both 𝑘𝑟𝑤 and 𝑆𝑤
 increased (illustrated by the red curve of Figure 4.6), 

consequence of the cEOR flooding.  

The profile of the relative permeability curves assembles more the typical shape of a water-wet 

(shown in Figure 2.8), which suggest that the core sample conditioning was insufficient for the core to 

reach oil-wet conditions. 

To calculate the surfactant adsorption/retention, the effluents from cEOR flooding were analyzed 

by UV-Vis spectroscopy. The results from the analysis, shown in Annex A-Figure A.0.1, were 

normalized and the resultant tracer and formulation breakthrough curves are represented in Figure 4.7.  

 

Figure 4.7: Zoom in of cEOR flooding of CC-35b, with representation of tracer and surfactant breakthrough 

moments. 

50% of the tracer breakthrough happens at 0,8PV and 50% of the surfactant breakthrough is at 

2,95PV. Using Equations 3.12, 3.13 and 3.14, the surfactant adsorption/retention calculated by UV-Vis 

spectroscopy is Γ𝑠𝑢𝑟𝑓 𝑈𝑉−𝑉𝑖𝑠 = 1,51 𝑚𝑔𝑠𝑢𝑟𝑓/𝑔𝑟𝑜𝑐𝑘. It was explained in section 3.4.2.2 that UV-Vis 

spectroscopy method is reliable for tracer quantification, however it can be biased for formulation 

quantification. Thus, to verify the breakthrough moment of the surfactant, HPLC analysis of the effluents 

was also made. Unfortunately, the HPLC results are inconclusive, since the injection of the HMW 
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polymer solution masks the surfactant and hinders its quantification after the polymer drive injection. 

The analysis prior the polymer slug injection showed no surfactant is present in the effluents, which 

permits to eliminate the uncertainty regarding the earlier peak in the formulation breakthrough curve 

(Figure 4.7, at approximately 2,3PV). The peak is probably caused by oil contamination.  

Surfactant adsorption below 0,5 𝑚𝑔𝑠𝑢𝑟𝑓/𝑔𝑟𝑜𝑐𝑘 is acceptable. The 1,51 𝑚𝑔𝑠𝑢𝑟𝑓/𝑔𝑟𝑜𝑐𝑘 obtained in 

this coreflood is above that threshold, but is important to remember that corresponds to both adsorption 

and retention. The contribution of the retention is impossible to determine since crude oil hinders any 

analysis, but is believed that is the minor contributor, and that means the LMW polymer added to the 

formulation was not sufficient to reduce the surfactant adsorption to the desired values. To improve this 

parameter, higher LMW polymer concentrations in the formulation could be attempted. 

A positive aspect is the fact that the effluents form cEOR flood (Annex C) are composed of two 

phases, water phase and oil phase. One of the risks of formulation flooding is producing a single phase 

of emulsified oil, which is not acceptable at field scale projects. 

The overall coreflood can be considered successful giving the obtained incremental oil recovery 

(+47%), the early oil breakthrough in cEOR flooding and the effectiveness of the polymer drive slug and 

the two-phase profile of the effluents. Aspects to be improved are the plug conditioning, specifically in 

this case the core should have been aged, and the surfactant adsorption/retention.  

4.3 Coreflood CC-34       

The objectives for coreflood CC-34 were to evaluate the additional oil recovery through 

continuous formulation injection, evaluate the combination of low molecular weight polymer and organic 

additive on the surfactant adsorption/retention and evaluate if such combination can provide earlier 

breakthrough.  

An outcrop Indiana Limestone plug was used and the main features from the plug condition steps 

are summarized in the table below.   

Table 4.4: Summary of the main features obtained in the plug conditioning steps for CC-34. 

Rock type 𝑃𝑉𝑎𝑐𝑐𝑢𝑝𝑦𝑐 (ml) 𝜙 (%) 𝑘𝑤 (mD) Swi kro at Swi 

Outcrop Indiana 

Limestone 27,10 17,14 2,19 0,399 0,95 

The injection sequence of this corelfood was:  

• SSW for ≈3PV  

• Formulation for ≈6PV  

• SSW post-flush for ≈5PV  

The results from the flooding over core sample CC-34, at 120ºC and pore pressure of 10bar, are 

shown in Figure 4.8.  
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Figure 4.8: Cumulative Oil Recovery and Differential Pressure (DP) profiles for each flooding step of experiment 

CC-34. 

The total oil recovery achieved in this experiment was 69,7%, of which 46,1% were produced 

during water flood and the remaining 23,6% during cEOR flooding. The incremental oil recovery for this 

experiment is still above the stipulated criteria, however is way below the one obtained from the previous 

coreflood. The explanation might be the fact that in this case the plug was aged, what made the 

hydrocarbons less displaceable. The aging was made for 3 days, but common laboratory practices 

affirm aging periods of at least two weeks are necessary to develop oil-wet condition, so aging might 

not be the cause. The most probable explanation is the different oil saturations achieved in the plugs. 

CC-35b achieved 𝑆𝑤𝑖 = 0,615, whereas in CC-34, 𝑆𝑤𝑖 = 0,399. In other words, OOIP for CC-35b is 

smaller than OOIP for CC-34, and this can produce the effect of higher recovery percentage. For better 

comparison, instead of percentage recovery, volume of recovered hydrocarbons can be compared. In 

CC-35b additional 4,4ml of hydrocarbons were produced and for CC-34 were produced 3,8ml. The 

values are similar, which suggests that the recovery in both experiments is in the same extent, however 

when expressed in percentage values is influenced by the different OOIP. The additional oil production 

was maintained for 3,4PV, which is also very close to the verified in CC-35b. 

Like in CC-35b, the core shows water-wet profile because most of the hydrocarbons recovered 

during water flood were produced in the beginning of the injection. In cEOR flooding, later breakthrough 

is observed in this case, at 1,8PV of formulation injection. This can also be a consequence of the lower 

𝑆𝑤𝑖 achieved, because the core needed to imbibe more water before start expelling oil. Oil-wet cores 

can also have late oil breakthroughs, but that is not considered here since the core showed signs of 

being water-wet.  
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DP profile of the formulation injection in both experiments is comparable, as two moments of DP 

increase are registered also in this case. Which is normal since the plugs are from the same rock type 

and have similar pressure response to the formulation. A particularity in this case is that the second 

moment of major DP increase is characterized by many oscillations. One possible explanation for such 

noise is the formation of a new fluid phase, since a change in the effluents’ color was observed 

approximately at the same time, like is visible from Figure 4.9. This new phase seems to be a 

macroemulsion of hydrocarbons dissolved in the water phase. Hydrocarbons’ dissolution in the water 

phase can be caused by transition from Winsor type  to Winsor type  system (for which is needed a 

decrease in salinity or a change in temperature) or by accumulation of excess surfactant in the aqueous 

phase. Since in this case both temperature and salinity were constant, the macroemulsion phase is 

probably consequence of accumulation of excess surfactant in the aqueous phase. In CC-35b 

microemulsion was not observed because only a slug of formulation was injected, but in this case the 

formulation was injected continuously, and that might be the cause for excess surfactant accumulation. 

The emulsified oil observed in Figure 4.9 is the phenomenon to be avoided in the effluents of 

formulation injection due to the implications it rises at field scale. The color of the macroemulsion 

becomes less intense with the SSW post flush injection (entire effluents’ sequence is shown in Annex 

D), and the amplitude of the noise in the DP profile consequently decreases, which might be explained 

by dilution with the SSW from post flush.  

 

Figure 4.9: Vials number 31-40 of the effluent from cEOR flooding of experiment CC-34. 

The diagram of 𝑘𝑟𝑜 and 𝑘𝑟𝑤 curves in function of 𝑆𝑤 for this coreflood is shown in Figure 4.10. 

For the Corey correlations, 𝐶𝑜 = 𝐶𝑤 = 4 was used.  

End-point of oil saturation was 𝑆𝑤𝑖 = 0,399 and 𝑘𝑟𝑜 𝑎𝑡  𝑆𝑤𝑖 = 0,95. The oil saturation was 

performed using porous plate method and that explains the lower 𝑆𝑤𝑖 achieved. End-point for water 

flood was 𝑆𝑟𝑜𝑤 = 0,676 and 𝑘𝑟𝑤  𝑎𝑡  𝑆𝑟𝑜𝑤 = 0,148. With the subsequent formulation injection more water 

imbibed the core, increasing water saturation to 0,818 and 𝑘𝑟𝑤 to 0,467, as represented by the manually 

drawn red curve of Figure 4.10.  

As for CC-35b, the plug conditioning was insufficient for the core to reach oil-wet conditions, 

since the profile of Figure 4.10 assembles more water-wet profile. 
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Figure 4.10: Relative oil and water permeability in function of water saturation for coreflooding CC-34. 

 For the determination of the surfactant adsorption/retention, the effluents from cEOR flooding 

and SSW post flush were analyzed by both UV-Vis spectroscopy and HPLC. The results from both 

analysis are shown in Annex B. The normalized tracer and surfactant breakthrough curves estimated 

by both UV-Vis and HPLC are displayed in Figure 4.11, coupled to the DP and oil recovery curves for 

cEOR flooding. 

Fifty percent of the tracer breakthrough happens at 0,6PV. Fifty percent of the surfactant 

breakthrough happens at 3,82PV according to the UV-Vis spectroscopy, and at 4,13PV according to 

the HPLC analysis. Considering the more accurate HPLC analysis for the surfactant breakthrough, 

Γ𝑠𝑢𝑟𝑓 𝐻𝑃𝐿𝐶 = 2,88 𝑚𝑔𝑠𝑢𝑟𝑓/𝑔𝑟𝑜𝑐𝑘, like illustrated by the light arrow in Figure 4.11. Considering the 

surfactant breakthrough estimated by UV-Vis spectroscopy, Γ𝑠𝑢𝑟𝑓 𝑈𝑉−𝑉𝑖𝑠 = 2,65𝑚𝑔𝑠𝑢𝑟𝑓/𝑔𝑟𝑜𝑐𝑘 , as 

illustrated by the dark arrow in the same figure. The obtained adsorption/retention values by the two 

different methods are close, which represents a validation of the result.  

It not possible to evaluate if the surfactant adsorption/retention was decreased because of the 

differences between the two experiments. The only fact is that the adsorption/retention remains high, 

above the 0,5𝑚𝑔𝑠𝑢𝑟𝑓/𝑔𝑟𝑜𝑐𝑘 threshold, and further optimization of the formulation is needed to decrease 

this parameter to acceptable values. 

The global appreciation of this coreflood is not so positive as CC-35b. Despite it was obtained 

incremental oil recovery above the stipulated criteria, late oil breakthrough in cEOR flooding, emulsified 

oil in the effluents and still high adsorption/retention was verified. These three factors need to be 

optimized for the cEOR flood to be considered successful.  
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Figure 4.11: Zoom in of cEOR flooding of CC-34, with representation of tracer and surfactant breakthrough 

moments. 

4.4 Coreflood Summary 

The table below summarizes the results of the two coreflooding experiments performed in this 

study.      

 

Table 4.5: Summary of the results from the two coreflood experiments performed in this study.  

 Oil recovery 
Effluents 𝛤𝑠𝑢𝑟𝑓 

(mgsurf/grock)  WF cEOR flood Total 

Indiana Limestone 

CC-35b 
29%  

(4,3ml) 
47%  

(4,4ml) 
76% 2 phases 1,51 

Indiana Limestone 

CC-34 
46%  

(5,0ml) 
24%  

(3,8ml) 
70% Emulsified 2,88 
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 Conclusions 

In this study, a formulation of a CEPSA anionic surfactant with a carboxylate as a co-surfactant 

and a low molecular weight polymer was tested as cEOR method for carbonate rocks, in two 

coreflooding experiments at pore pressures of 10bar and temperatures of 120oC. Additionally, a 

rheological study of a high molecular weight polymer was carried out to implement a polymer drive 

solution for one of the coreflood experiments. It was verified that: 

• Incremental oil recovery >20% can be achieved both with continuous and slug 

formulation injection 

• Additional oil production lasts for approximately 3,5PV 

• Lowering the IFT between oil and water was responsible for the additional 

hydrocarbons mobilized 

• Wettability alteration was not verified as plugs were initially water-wet 

• Early breakthrough at 0,4PV was achieved (for not-aged plug with high 𝑆𝑤𝑖) 

• Late breakthrough was obtained for plug with 3 days of aging and lower 𝑆𝑤𝑖   

• Adsorption/retention level was 1,51mgsurf/grock for injection of formulation slug and 

2,88mgsurf/grock for continuous formulation injection 

• Aid of LMW polymer or LMW polymer + organic compound was not sufficient to lower 

the adsorption/retention level below the acceptable 0,5mgsurf/grock threshold 

• Optimal concentration for the polymer drive solution was determined to be 5g/L 

• Polymer drive increased water phase viscosity, but remains unclear whether it was 

responsible for additional oil recovery  

• Polymer drive solution did not showed injectivity problems for plug of low permeability 

(18mD) 

• Effluents were acceptable when formulation slug was injected; emulsified oil was 

obtained when continuous formulation injection was employed. 

Thus, some general conclusions can be drawn: 1) the formulation used was found to be an 

efficient cEOR method for additional oil recovery in the conditions applied, yet the results must be 

attested with aged core samples; 2) the major shortcomings of the formulation are the high surfactant 

adsorption/retention level and the emulsified oil in the effluents; 3) LMW polymer and organic additive 

were insufficient to reduce the adsorption/retention level, and further optimization of the formulation is 

needed to address this issue; 4) investigation must also carry on to clarify the polymer drive solution 

effectiveness, namely with more coreflood experiments designed specifically for that purpose. 
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5.1 Future work  

The promising results obtained from the method addressed in this study encourage to continue 

the investigation related to it. This thesis consists in a small drop in the ocean of such a complex subject 

like Chemical Enhanced Oil Recovery and the studies must carry on to improve the weaknesses that 

are still associated to it.  

Specifically, to answer the questions arisen in this thesis, a first step would be attempt to increase 

the LMW concentration in the formulation for lowering the adsorption/retention level. Additionally, to 

clarify the polymer drive effectiveness, a coreflood experiment using polymer drive slug after continuous 

formulation injection could be attempted.  
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Annex A UV-Vis analysis for coreflooding CC-35b 
 

 

Figure A.0.1: UV-Vis absorbance of effluents from cEOR flooding in experiment CC-35b. 
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Annex B UV-Vis and HPLC Analysis for coreflooding CC-34 
 

 

Figure B.1: UV-Vis absorbance of effluents from cEOR flooding in experiment CC-34. 

 

 

Figure B.2: HPLC results of effluents from cEOR flooding of experiment CC-34. 
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Annex C Effluents’ profile from cEOR flooding of CC-35b 
 

 

 

   

 

 

 

 

 

 

 

 

 

Figure C.1: Image of effluents from coreflooding experiment CC-35b. Effluents at room temperature. 
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Annex D Effluents’ profile from cEOR flooding of CC-34 
 

 

 

   

 

 

 

 

 

 

 

 

 

Figure D.1: Images of effluents from coreflooding experiment CC-34. Effluents at room temperature. 
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